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Abstract
Geological carbon sequestration in a saline formation is a promising technology for largescale carbon dioxide (CO2) mitigation. Several factors such as temperature, pressure, salinity,
hydraulic conductivity, and mineralogy of a formation affect the CO2 sequestration in saline
formations. These factors can vary widely depending upon the type of formation or the degree of
heterogeneity within a formation. In addition to these properties of the repositories, the CO2-rich
flue gas streams captured from point sources often contains small amounts of impurities such as
sulfur oxides (SOx) and nitrogen oxides (NOx), which may have serious implications on the
chemistry of the repositories during geological carbon storage. Carbonate minerals which are
abundant in saline formations are more responsive than silicate minerals to these geochemical
reactions. Therefore, the overall objective of this dissertation is to assess the impact of salinity,
temperature, and trace gases (SO2 and NO2) on geological carbon sequestration in deep saline
carbonate aquifers. The overall goal is achieved through five specific goals: 1) evaluating a
modeling tool to simulate geological carbon storage in high-salinity carbonate formations, 2)
estimating the effect of brine salinity on geological carbon storage, 3) estimating the effect of
formation temperature on geological carbon storage, 4) estimating the effect of SO2 co-injection
on the storage, and 5) estimating the effect of NO2 and SO2-NO2 co-injection on the storage.
For the first specific goal, the suitability of TOUGHREACT 3.0/ECO2N
(https://tough.lbl.gov/software/toughreact) has been assessed for modeling geological carbon
storage in a deep saline carbonate formation. Based on the assessment, TOUGHREACT/ECO2N
has been used for the simulations in rest of the goals.
x

For rest of the goals, injection of CO2 into a deep saline aquifer comprised of calcite,
anhydrite, and dolomite have been simulated. For goal 2 and goal 3, brine salinity and formation
temperature were varied respectively. For goal 4 and goal 5, mole % of trace gases co-injected
with the CO2 were varied. The effects of the varying conditions on the volume of CO2 stored,
changes in pH of brine, and precipitation and dissolution of minerals have been assessed.
Results from the study suggests that low salinity favors the solubility trapping of CO2
with better storage efficiency (goal 2). For goal 3, the storage efficiency decreases with increase
in temperature. However, the solubility trapping of CO2 increases with increase in temperature
due to higher interfacial area between brine and gas/supercritical phase. Formation temperature
and salinity don’t have large impact on acidification of brine or porosity of the formation due to
dissolution and precipitation of the minerals.
Co-injection of SO2 forms sulfuric acid and leads to more acidification of brine than pure
CO2. Also, it further leads to higher precipitation of anhydrite (goal 4) in the SO2 outreach zone
and causes a lower net increase in porosity as compared to pure CO2. In the case of CO2- NO2
co-injection, the acidification of brine or pH change is similar to goal 4 but the precipitation of
anhydrite is similar as in case of pure CO2. In fact, the net increase in porosity increases with
increase in NO2 concentration. In CO2-SO2-NO2 co-injection, the net increase in porosity
decreases with increase in SO2 concentration in the trace gas.
Overall, the results from the study suggests that CO2 can be successfully sequestered in
the temperature range of 35-95 °C and salinity range of 1-15% NaCl (by weight). Also, coinjecting the trace gases along with CO2 is technically feasible with acceptable changes in
mineralogy. The co-injection of trace gases adds economic benefit for sustainable and dedicated
geological carbon storage.

xi

Chapter 1: Introduction
1.1 Background and Motivation
Carbon dioxide has been reported as the major greenhouse gas (GHG) responsible for
climate change over the past 50-100 years (Edenhofer 2015). An increase in the atmospheric
CO2 level has the potential to alter the climate system leading to ecological disruptions. The
World Meteorological Organization (WMO) has reported atmospheric CO2 concentration at
405.5 ppm in 2017 which is 146% of the preindustrial (1750) level (WMO 2018). Combustion of
fossil fuel is primarily responsible for the increase in atmospheric CO2 (WMO 2018).
Geological sequestration of carbon dioxide (CO2) is a promising technology for largescale CO2 mitigation (figure 1.1). The idea is to capture CO2 from point sources such as coalfired power plants, refineries, and other chemical facilities. Captured CO2 is then injected into a
saline aquifer or other geologic formation at high pressure, where CO2 can be trapped by
different mechanisms such as residual trapping, mineral trapping, and solubility trapping (Apps,
2006). The U.S. Department of Energy’s Carbon Storage Atlas (5th Edition, 2015), has estimated
2.6-22 trillion metric tons of underground CO2 storage potential in the United States. Kearns et
al. (2017) have estimated the CO2 sequestration potential between 8.0-55 trillion metric tons of
practically accessible geological storage sites across the world.
Deep saline aquifers are widely seen as the most promising category of geologic
repository because of the immense potential storage capacity (Lackner 2003; White et al. 2003;
Bachu & Adams 2003; Metz et al. 2005). In many deep saline aquifers, the mineralogy is
comprised principally of carbonates, especially calcite (CaCO3) and dolomite (MgCa(CO3)2)
1

(Morse & Mackenzie 1990; Morse et al. 2007). This is important because carbonate minerals are
susceptible to dissolution when injected CO2 dissolves into the aquifer brine and forms carbonic
acid (Rosenbauer et al. 2005; Kharaka et al. 2006; Xu et al. 2010, Yu et al. 2012). Dissolution of
carbonate minerals can, in turn, lead to the precipitation of new minerals, depending on what
chemical species are present in the brine (Kaszuba et al. 2003; Rosenbauer et al. 2005;
Kampman et al. 2014). These dissolution/precipitation processes can alter the porosity and
permeability of the formation (White et al. 2003; Xu et al. 2003, 2004; Rosenbauer et al. 2005),
and can potentially affect the viability of long-term CO2 storage in the formation. To assess the
suitability of carbonate aquifers as potential CO2 storage repositories, it is therefore necessary to
understand what factors affect CO2 transport, CO2 dissolution, and subsequent chemical
reactions in these formations.
Transport, dissolution, and reaction of injected CO2 depend on multiple physical and
chemical factors, such as temperature and pressure of the candidate repository, porosity and
permeability of the formation, salinity and chemical composition of the brine, and mineralogy of
the rock. These factors can vary widely between different formations, and can also vary spatially
within a single formation (Morton et al. 1987). The importance of many of these factors has been
evaluated elsewhere (e.g., Hovorka et al. 2004, Rochelle et al. 2004, Juanes et al. 2006, Bryant et
al. 2008, Flett et al. 2007, Gaus 2010, Han et al. 2010, Zhang et al. 2016, Al-Khdheeawi et al.
2017, 2018). With respect to salinity and temperature, in particular, it is well known that the
solubility of CO2 in brine decreases as the salinity or the temperature of the brine increases (Colt
1984, Rumpf et al. 1994; Duan & Sun 2003; Spycher & Pruess 2005, 2010; Portier & Rochelle
2005; Akinfiev & Diamond 2010; Yan et al. 2011; Thomas et al. 2012; De Silva et al. 2015;
Zhao et al. 2015; Ahmadi & Chapoy 2018). However, it is not yet clear what this implies for the
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overall importance of salinity and temperature on the viability of CO2 sequestration. Kumar et al.
(2005), Chalbaud et al. (2009), and Al-Khdheeawi et al. (2018) have simulated injection and
transport of CO2 in saline aquifers under different salinity conditions, but all of those studies
neglected any geochemical reactions that result from CO2 dissolution in residual brine. Similarly,
to the best of my knowledge, no study has quantified the effect of temperature on geological
carbon storage while considering hydrogeology as well as geochemistry.
Another factor that could potentially impact geochemistry in the repository is the
presence of contaminant gases co-injected with CO2. Flue gas streams from power plants usually
consist mostly of nitrogen (derived from combustion with air), CO2, water vapor, and excess
oxygen (Apps, 2006). These streams also contain small percentages of impurities such as carbon
monoxide, sulfur oxides, and nitrogen oxides. From the standpoint of geological sequestration,
impurities such as SO2 and NO2 are important because they can alter the chemistry of
repositories significantly during the sequestration (Xu et al., 2007). Achieving 100% removal of
impurities is impractical and expensive. Therefore, when CO2 is sequestered, it is likely to have
some non-negligible fraction of SO2 (0.15-2% by volume) (Apps, 2006). Therefore,
understanding the effect of trace gases like SO2 and NO2 on CO2-brine-rock systems is necessary
in order to co-inject them in geological reservoirs.
Geochemical modeling is a valuable tool for estimating the effects of temperature,
salinity, and co-contaminant gases (SO2 and NO2) on CO2 sequestration. Some of the key
modeling attempts to understand the impact of SO2 co-injection on CO2 sequestration have either
taken a batch geochemical modeling approach or simplified 1-D reactive transport modeling
approach (Gaus et al., 2008). TOUGHREACT, developed by Lawrence Berkeley National
Laboratory (LBNL), is one of the more robust programs, widely used for simulating pure CO2
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injection (Xu et al., 2005) as well as SO2 co-injection (Xu et al., 2007) into deep saline
formations. However, the earlier versions of TOUGHREACT (version 2.0) used for these studies
(e.g. Xu et al. 2007) lack the capability of modeling transport of trace gas species in the CO2
carrier gas. A more recent version of TOUGHREACT (version 3.3) is capable of transporting
trace gas species and also has incorporated major improvements in terms of thermodynamics of
the system, such as an option to fix specific gas fugacities and consistent use of gas properties
using calculated densities (Xu et al., 2014). However, these developments are yet to be tested on
a CO2-NO2/SO2-brine-rock system.
1.2 Research Objectives

The long-term goal of the proposed research is to facilitate carbon sequestration into deep
saline carbonate aquifers. The overall objective of this dissertation is to assess the impact of
salinity, temperature, and SO2/NO2 co-injection on geological CO2 sequestration. The overall
objective of this project will be accomplished through achieving the following five specific
goals:
1. Assessing the suitability of TOUGHREACT 3.3 to simulate injection of CO2 into deep saline
aquifers at high salinity and ionic strength.
2. Estimating the impact of brine salinity on geological carbon storage in a limestone-dolomitic
layered formation.
3. Estimating the impact of formation temperature on geological carbon storage in a limestonedolomitic layered formation.
4. Estimating the impact of SO2 co-injection on geological carbon sequestration in a limestonedolomitic layered formation.
5. Estimating the impact of NO2 and combined SO2-NO2 co-injection on geological carbon
sequestration in a limestone-dolomitic layered formation.
4

1.3 Dissertation Synopsis

This dissertation has seven chapters. Chapter 1 briefly describes the motivation, research
background, key knowledge gaps, and research goals. Chapter 2 assesses the suitability of
TOUGHREACT 3.3 for reactive transport modeling of CO2 injection under the relevant reservoir
conditions. In chapter 3, I have evaluated the impact of brine salinity on geological carbon
sequestration in a limestone-dolomitic layered formation. In chapter 4, I have estimated the
effect of formation temperature on geological carbon storage in a limestone-dolomitic layered
formation. In chapter 5, the effect of SO2 co-injection on geological carbon storage in a
limestone-dolomitic layered formation has been evaluated. In chapter 6, I have estimated the
effect of NO2 as well as SO2-NO2 co-injection on geological carbon storage in a limestonedolomitic layered formation. Chapter 7 presents overall conclusions and future
recommendations.

Flue gas

Figure 1.1 The concept of geological carbon sequestration (figure adapted from Smit et al.,
2014)
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Chapter 2: Evaluation of Geochemical Capability of TOUGHREACT 3.3 for Simulating
Geological Carbon Storage in Limestone Dolomitic Formations
2.1 Introduction
On a global scale, geochemical modeling of injected supercritical CO2 in carbonate
reservoirs has been conducted by several researchers to date (e.g., Johnson et al., 2004; Kharaka
et al., 2006; Xu et al., 2007; Andre et al., 2007; Okwen et al., 2012). However, there is still more
to be learned regarding the interaction of supercritical CO2 with formation waters and
mineralogy in deep saline carbonate reservoirs (Gaus et al., 2008). Moreover, it is important not
to over-generalize the mineralogy within a storage reservoir by treating the formation as
mineralogically and/or physically homogeneous, which does not reflect the true nature of
complex carbonate reservoirs. To obtain improved predictions of CO2 migration and
geochemistry following injection of supercritical CO2 in a carbonate system, it is necessary to
account for rock-water-CO2 interactions in settings that have mineralogical diversity and
intraformational facies changes (Kampman et al., 2014).
Some geochemical modeling software are currently commercially available that have
capabilities well-suited for modeling CO2 sequestration in chemically and physically
heterogeneous formations. For instance, the Geochemist’s Workbench (Aqueous Solutions, LLC;
Champaign, Illinois) is a suite of geochemical reaction modeling tools. Among its capabilities,
Note: The chapter is sent for publication in “AAPG Environmental Geosciences” with title “Modeling Geologic
Sequestration of CO2 in a Deep Saline Carbonate Reservoir with T2CPI, a New Tool for Reactive Transport
Modeling” which is currently under review. This was a collaborative project with the United States Geological
Survey and Aqueous Solution LLC, IL. My contribution includes preparing development files, developing mesh file,
computing initial chemistry, running TOUGHREACT simulations, and post processing of TOUGHREACT results
in Matlab.
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the Geochemist’s Workbench (GWB) can model dual-porosity systems, is capable of using
Pitzer equations for the calculation of activity coefficients, and has a wide variety of options for
modeling kinetic reactions. However, GWB lacks the capability of modeling multiphase reactive
transport system in the conditions of geological carbon storage where supercritical CO2 is an
immiscible non-aqueous phase. A second example of commercially available software is
TOUGHREACT (Lawrence Berkeley National Laboratory; Berkeley, California), which is a
general multiphase reactive transport simulator (Xu et al., 2005) based on the previously
developed TOUGH2 flow simulator (Pruess et al., 1999). TOUGHREACT is capable of
simulating reactive transport in multiphase systems, and can be applied to three-dimensional
porous and fractured media with physical and chemical heterogeneity. However,
TOUGHREACT also has certain limitations, particularly with regard to its geochemical
modeling features. For instance, in calculations of aqueous-phase activity coefficients of ionic
species, TOUGHREACT uses an extended Debye-Hückel model (Helgeson et al., 1981), which
is known to apply only to relatively dilute solutions (≤ 4.0 molal ionic strength). This restriction
needs to be tested in deep saline formations where ionic strength may exceed the above
limitation.
One way to test the geochemical modeling capabilities of TOUGHREACT 3.0 is to
measure the geochemical results of a test case against GWB. For this purpose, coupling of
TOUGH2’s capabilities of modeling multi-phase flow and supercritical CO2 behavior with
GWB’s state-of-the-art capabilities for geochemical modeling is required. This goal may be
achievable through the use of ChemPlugin, a “self-linking re-entrant software object (Aqueous
Solutions, LLC; IL, USA)”. The coupling of ChemPlugin to a transport simulator retains the
flow and transport capabilities of the simulator, but enables incorporation of chemistry via GWB.
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With this in mind, the objectives of this chapter are to (1) develop a new tool (henceforth
called T2CPI) that includes beneficial features of both the TOUGH family of codes and GWB;
(2) simulate a test problem of CO2 injection using the new tool as well as TOUGHREACT and
compare the results from both the packages.
2.2 T2CPI Source Code Development
TOUGH2 and ChemPlugin (which includes the functionalities of GWB) are
complementary software packages where each supplies something the other lacks. Standard
TOUGH2 lacks the capacity for geochemical modeling, and ChemPlugin does not handle multiphase fluid flow. However, ChemPlugin was built for embedding in flow models such as
TOUGH2. Combining TOUGH2 and ChemPlugin requires identifying the appropriate points for
the two packages to exchange information such as flow rates and CO2 concentrations.
The basic method used to insert reactive transport into the TOUGH2 code was creating a
parallel set of ChemPlugin (CP) nodes or “instances” to match the TOUGH2 nodes. Most of the
subsequent alterations and additions to the TOUGH2 base code involved keeping the state of the
two sets of nodes in sync. The TOUGH2 base code first calculates transport followed by the CP
nodes making the geochemical calculations.
T2CPI first calculates the heat, water, and CO2 flow, then the program must synchronize
the state variables and transport to the CP nodes. To accomplish this task, the program takes the
amount of dissolved CO2, water mass, water density, and temperature from the TOUGH2 nodes
and applies those conditions to the CP nodes (Figure 2.1). The CP nodes then calculate changes
in chemistry.
The chemical constraints for the models are set in a file called cpi_input.txt in the same
directory as the other input files. In this file, the user must specify sets of initial quantities of
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each chemical component in aqueous solution, preferably as intrinsic properties (e.g., mass
concentration) so that CP can scale the amount of each component to adjust for different node
sizes. Other specified constraints can include items such as kinetic rate laws and what minerals
may form during reactions. T2CPI then passes these constraints to the CP nodes. The user can
specify if the constraints apply to all CP nodes, or only a subset of nodes within a given (x, y, z)space. There are two special sets of constraints: one is the default set that T2CPI applies to any
node not within the range of another set, and the other is the inlet set given to injection and
boundary nodes. The chemical constituents must be consistent across different sets of nodes. For
example, if the user specifies that sodium is present in one node, then it must be present in some
form in all nodes.
The interface between CP and TOUGH2 alters the amount of CO2 in each node after each
time step. One limitation of T2CPI is that it does not account for the effects of evaporation on the
chemical system because it does not alter the amount of water in the CP nodes due to transfer
between the water and CO2 phase. The changes to salinity and porosity are also not fed back into
the transport equations handled by the TOUGH2 code; this is a potential starting point for future
work.
Results from the geochemical calculations are output into an XML file at different times
along with the spatial coordinates for each node. In the file cpi_input.txt, the user may specify
the variable(s) and units they desire as output. The CP results are then generated whenever the
TOUGH2 side of the code generates its results, including the user-specified times in the
TOUGH2 input file.
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2.3 Dollar Bay Formation Case Study
In order to test TOUGHREACT and T2CPI and demonstrate their capabilities, carbonate
reservoirs within the Dollar Bay Formation of the South Florida Basin were chosen for a case
study. Specific Objectives that were identified included an understanding of the following.
•

How do TOUGHREACT and T2CPI predict CO2 dissolution in brine. How does the
resultant pH of residual brine change with time and with distance from the injection well?

•

How do TOUGHREACT and T2CPI handle dissolution and precipitation of the minerals
due to acidification of brine.

2.3.1 Geologic Setting
The Dollar Bay Formation is located within the South Florida Basin, U.S.A. and was
previously characterized and assessed by Roberts-Ashby et al. (2015), Roberts-Ashby & Ashby
(2016), and USGS Geologic Carbon Dioxide Storage Resources Assessment Team (2013a;
2013b). The basin is part of the larger Florida Platform, which is a vast carbonate platform that
has undergone numerous fluctuations in relative sea level throughout its existence (Randazzo,
1997; Hine et al., 2001; Scott, 2001). These fluctuations in relative sea level, specifically “from
the middle Jurassic through to about the middle Oligocene”, resulted in the deposition of
“sequences of carbonate and evaporite” rocks (Halley, 1985; Scott, 2001; Roberts-Ashby &
Ashby, 2016). In areas of the basin where interior lagoons developed, “organic-rich carbonate
mud” was deposited that later contributed to the generation of petroleum in the basin (Halley,
1985; Roberts-Ashby & Ashby, 2016).
The Dollar Bay study area is 389,062 acres (Figure 2.2). The Lower Cretaceous Dollar
Bay Formation is composed of interlayered beds of anhydrite, limestone and dolostone, all of
varying thickness and porosity, which were deposited during stages of transgressive and
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regressive relative sea-level cycles (Pollastro et al., 2001; Roberts-Ashby & Ashby, 2016).
Throughout its extent in the South Florida Basin, the Dollar Bay Formation has around 185 m
average thickness, and the average depth to the top is 2,750 m (Roberts-Ashby & Ashby, 2016);
within the study area, the Dollar Bay Formation is 180-200 m thick. The Dollar Bay Formation is
a saline reservoir that contains thermally immature oil in some intervals throughout its extent
(Pollastro et al., 2001). Average porosity within the porous reservoir rocks is 18%, with a range
of 15 to 21% in the study area (Roberts-Ashby & Ashby, 2016). The Dollar Bay Formation
contains intervals of low permeability, such as carbonate beds with “nodular and
intraformational anhydrite” or tight dolostone, which can form local seals that would hinder
migration of fluids; however, the Panther Camp Formation, which directly overlies the Dollar
Bay Formation, provides the larger, regional seal and is comprised of thick anhydrite and
gypsum beds (Roberts-Ashby & Ashby, 2016).
2.3.2 Modeling Procedures and Parameters
The test problem to which TOUGHREACT and T2CPI were applied is the injection of
supercritical CO2 into a 69.5-m thick saline aquifer via a single injection well which is screened
through 6th and 7th layers (dolomitic layers). The simulation accounts for injection at a constant
rate of 1.0×106 tonnes per year for a period of 50 years, followed by another 50-year postinjection period during which the system equilibrates without CO2 injection. The modeled
injection well location is denoted in Figure 2.2 and is co-located with an existing oil and gas
exploratory well.
For the purposes of modeling CO2 injection into the Dollar Bay Formation at this
location, originally 13 hydrologic layers were identified based on interpretations from
geophysical well logs obtained from the exploratory well, and on information gained from
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isolith, isopach, and porosity maps presented by Roberts-Ashby & Ashby (2016). The basic
formation structure was high-permeability (horizontal) dolomite layers (6.91×10-14 to 3.95×10-13
m2) separated by lower horizontal permeability (1.97×10-15 to 4.93×10-14 m2) limestone layers.
The permeabilities of these layers were determined using the Lawson Formation as an analog;
the Lawson Formation is a saline reservoir with similar lithology and physical characteristics that
occurs above the Dollar Bay Formation within the South Florida Basin (Okwen et al., 2012). The
vertical permeabilities of the hydrologic layers were set to ten times less than horizontal
permeabilities to account for interbedding of lower-permeability anhydrite within rock layers.
For modeling purposes, two modifications were made to the properties of the domain:
(1) four thin dolomite layers with similar porosity and permeability values in the center of the
domain were combined into two layers (thereby reducing the 13 layers to 11), and (2) the initial
estimated values of permeability were increased by a factor of 10. This was done to ensure the
simulations converged, which was a challenge when using the original, low-permeability values.
This modification is deemed acceptable because even after increasing permeability by a factor of
10, the permeabilities are still low and conservative (e.g., the values are 10 to 100 times lower
than the value of 10-13 m2 used by André et al. (2007) for the Dogger aquifer, which is also an
oil-bearing, carbonate formation). Physical and chemical properties of the 11 model layers are
provided in table 2.1. Due to the occurrence of multiple thick, intraformational anhydrite layers
throughout the extent of the formation, only a select section of the Dollar Bay Formation was
modeled in this study; the total thickness considered was 69.5 m.
The values of entry pressure, residual brine saturation, and m (a dimensionless exponent
for the relative permeability and capillary pressure equations of van Genuchten (1980)) came
from a previous study of a carbonate formation (André et al., 2007; table 2.2). Other key
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parameters for the simulations (e.g., temperature, pressure) were based on analogs from the
underlying Sunniland Formation and are summarized in table 2.2.
The injection node or screening of the well was placed in the most permeable layer, a
dolomite layer approximately in the middle of the formation. This choice allowed vertical
migration due to buoyancy, and numerical stability because of the higher transmissivity. The
modeled injection lasted for 50 years at a rate of 1.0×106 tonnes per year (equivalent to 32 kg/s),
which approximates the scale and lifespan of injection for an industrial source. A post-injection
period of 50 years was also simulated to allow for re-equilibration. As such, a total simulated
time of 100 years was implemented.
We accounted for differences in formation properties such as mineralogy, porosity, and
permeability between the 11 different layers, as shown in table 2.1. However, we treated each
layer as chemically and physically homogeneous. Therefore, the CO2 injection could be modeled
with a radially symmetric two-dimensional (r, z) domain, which allows faster computations than
a fully three-dimensional (x, y, z) domain.
The domain was discretized into 11 vertical layers and 65 radial columns. The radial
discretization was finer near the injection well (where fluid velocities are highest) and coarser
near the radial edges of the formation (where fluid velocities are slowest). The overall domain
radius was 10 km. The center of grid blocks ranged from 5 m (closest to the well) to 9,905 m
(farthest from the well). In TOUGHREACT V3.0, the volume of the outermost grid block is set
to a very large value (≥1020 m3) to maintain constant chemical boundary condition. Chemical
concentration of species will remain constant in these grid blocks. However, in TOUGH2, an
inactive grid block with zero or negative volume may be used to specify constant boundary
conditions. This capability is not operational in TOUGHREACT V3.0 (Xu et. al, 2014). T2CPI
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uses the inactive grid blocks as boundary conditions because, after calculating the initial
conditions, no further changes to the geochemistry are calculated which therefore cuts down on
the number of computations. The outermost boundary is distant enough from the injection point
that there was no discernable difference between the pressure distributions predicted by T2CPI
and TOUGHREACT.
The bulk of each layer was set to the dominant mineral of each stratum, either dolomite
or calcite. Each layer was also 6% anhydrite (by volume, based on the overall volume of
minerals in the layer) to simulate the thin anhydrite interbeds found throughout the formation,
and the dolomite layers included 1% calcite to simulate impurities. We set the initial chemistry
of the brine in each layer to be at equilibrium with the mineralogy present with a pH of 7 and a
concentration of 0.855 molal NaCl. For T2CPI, a kinetic rate was set for the dissolution of
dolomite that was high enough to keep the model near equilibrium but helped model stability.
During the simulations, precipitation of dolomite was not allowed to occur, even if
calculations showed supersaturation of the brine with respect to dolomite, because conditions
within the simulated reservoir did not support dolomite precipitation. Specifically, formation of
dolomite typically occurs at the freshwater-saltwater interface (or mixing zone) in the
subsurface; in areas of post-burial subaerial exposure; and in evaporative and/or extreme
ecosystem environments such as tidal flats, sabkhas, or bacterial mats. Post-burial dolomite
precipitation was not considered plausible at the depth and salinity of the simulation in the given
reservoir conditions (Badiozamani, 1973; Krause et al., 2012; Land, 1973; Longman, 1980).
2.4 Results
Both models predict that the supercritical CO2 phase travels approximately 3-4 km from
the injection point within the 100-year simulation time (Figure 2.3). Near the injection well (r =
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0), supercritical CO2 has displaced most of the native brine, so that the saturation of the gas
phase is relatively high (~0.7). In general, some residual brine is left behind, so that the gas
saturation remains below 1.0. However, in the immediate vicinity of the injection point, there is a
zone of “dry-out,” where even the residual brine has been removed completely, either through
displacement or through partitioning into the CO2 phase.
As distance from the injection well increases, a higher fraction of residual brine remains,
so the saturation of the CO2 phase decreases with distance. It can also be seen from Figure 2.3
that the CO2 phase generally extends farther in the higher-permeability dolomite layers, e.g. the
middle two layers and the top layer of the formation (cf. table 2.1). The exception to this
observation is the bottom layer of the formation, which is a high-permeability dolomite layer, but
into which the extent of the CO2 plume is relatively short (< 3 km). This effect is caused by the
fact that the supercritical CO2 is less dense than the brine, so buoyancy prevents the bottom layer
from filling up with CO2.
Figure 2.4 shows that wherever supercritical CO2 has displaced the bulk brine, the pH in
any remaining residual brine drops to a value of about 4.8. This is because CO2 dissolves into the
residual brine (Thomas et al. 2012), leading to the formation of carbonic acid. The decrease in
pH causes the dissolution of both calcite and dolomite (Figures 2.5 and 2.6), although the amount
dissolved is small (<1 kg of mineral dissolved per m3 of aquifer volume in all cases). Figure 2.5
shows two interesting effects. First, more calcite dissolves in the dolomite layers (which are only
~1% calcite by volume) than in the calcite layers (which are >90% calcite by volume); we
attribute this observation to the fact that CO2 flows preferentially in the high-permeability
dolomite layers. Second, TOUGHREACT and T2CPI differ qualitatively in their predictions of
calcite dissolution: where TOUGHREACT predicts that the calcite dissolution occurs more-or-
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less uniformly throughout any given layer, T2CPI predicts that calcite dissolution is greater near
the leading edge of the CO2 front.
When calcite and dolomite dissolve, Ca2+ ions are released into solution, which leads to
the precipitation of anhydrite (Figure 2.7). Again, the effect is relatively small (<1 kg of
anhydrite precipitated per m3 of aquifer volume in all cases). Because CO2 injection results in
both mineral dissolution and mineral precipitation, it is not immediately clear if the net result
would be a gain of porosity or a loss of porosity. Figure 2.8 shows that the net result is a slight
gain in porosity, particularly in the dolomite layers, where more dissolution occurs.
TOUGHREACT and T2CPI again disagree qualitatively about the spatial pattern of the porosity
gain, mainly because of the different predictions of calcite dissolution. However, both models
predict that the net porosity change is very low, i.e., less than 0.0025 at the most extreme points.
The total amount of CO2 stored in the formation through dissolution trapping (i.e.,
dissolved in the residual brine) is 6.9 Mt, which is about 14% of the 50 Mt injected over the 50year period. The rest of the injected CO2 is present as supercritical CO2 that has not dissolved
into the aqueous phase. The dissolution of the 6.9 Mt of CO2 leads to a relatively significant drop
in pH in the residual brine but does not result in significant physical changes to the layers (i.e.,
changes in porosity or mineralogy are small).
2.5 Discussion
Simulation results from the Dollar Bay Formation suggest that geochemical modeling
capabilities of TOUGHREACT are on par with GWB capabilities under known reservoir
conditions. Results from TOUGHREACT and T2CPI simulations were very similar in terms of
extent of pH decrease, mineral precipitation and dissolution, and changes in porosity across all
the layers. The good agreement gives confidence that both models are properly accounting for
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the chemistry of the system. Because both models are based on the TOUGH multi-phase flow
simulator, it was expected that the two models would agree with respect to flow and transport
results; however, since the two models use different approaches to couple the flow and transport
with the chemistry, it was not a foregone conclusion that simulation results would agree in terms
of chemistry.
A key difference between T2CPI and TOUGHREACT is how each program handles
water evaporation. As stated above, TOUGHREACT allows nodes to dry out completely while
T2CPI ignores the evaporation. While the overall pattern of CO2 distribution is essentially the
same, there are clear differences around the wellbore.
These differences are evident in the patterns of mineral precipitation and dissolution
(Figures 2.5-2.7). T2CPI predicts anhydrite dissolution and calcite precipitation near the well
while TOUGHREACT predicts the opposite. Given that the two programs have essentially the
same chemical constraints, this difference is likely related to how they differ in the handling of
evaporation. As water and CO2 flow away from the injection zone, these differences may affect
the patterns of mineral dissolution and precipitation further into the reservoir.
2.6 Summary and Conclusions
In this study, a new tool for modeling CO2 plume movement and associated rock-waterCO2 geochemical interactions in carbonate reservoirs (T2CPI) was developed which includes the
beneficial features of both the TOUGH family of codes and GWB.
Simulations conducted using TOUGHREACT and T2CPI applied to a reservoir interval
within the Dollar Bay Formation largely produced the similar results. Dissimilarities between the
two programs included qualitative differences in how TOUGHREACT and T2CPI predicted
calcite dissolution, and the subsequent spatial pattern of the porosity gain which was affected by
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the different predictions of calcite dissolution. However, these dissimilarities are quantitatively
small which further validates the suitability of TOUGHREACT for simulating geological carbon
storage in deep saline carbonate repositories.
Both T2CPI and TOUGHREACT are strong tools for evaluating CO2-brine-rock
interaction following supercritical CO2 injection activities. However, TOUGHREACT offers
better handling of dry out and subsequent geochemistry in dry out zones. Another big advantage
of using TOUGHREACT is faster computation as compared to T2CPI, making a preferred tool
over T2CPI for all the future simulations.
Table 2.1 Physical and chemical properties of the layers

Layer

Layer
thickness
(m)

1

3.7

Calcite
(volume
fraction
of
mineral
phases)
0.01

Dolomite
(volume
fraction
of
mineral
phases)
0.93

2

7.9

0.94

0.00

0.06

0.06

4.9×10–15

4.9×10–14

3

16.2

0.94

0.00

0.06

0.04

2.5×10–15

2.5×10–14

4

1.2

0.94

0.00

0.06

0.02

2.0×10–16

2.0×10–15

5

1.8

0.94

0.00

0.06

0.04

2.5×10–15

2.5×10–14

6

3.4

0.01

0.93

0.06

0.15

4.0×10–14

4.0×10–13

7

5.5

0.01

0.93

0.06

0.19

4.0×10–14

4.0×10–13

8

1.2

0.94

0.00

0.06

0.07

4.9×10–15

4.9×10–14

9

12.2

0.94

0.00

0.06

0.04

2.5×10–15

2.5×10–14

10

8.5

0.94

0.00

0.06

0.02

2.0×10–16

2.0×10–15

11

7.9

0.93

0.01

0.06

0.07

6.9×10–15

6.9×10–14

Anhydrite
(volume
fraction of
mineral
phases)

Porosity

Vertical
Permeability
(m2)

Horizontal
Permeabilit
y
(m2)

0.06

0.15

4.0×10–14

4.0×10–13
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Table 2.2 Reservoir parameters
Parameter/condition

Value

Temperature

35 °C

Initial pressure (top layer)

386 bar

Brine salinity

50 g NaCl per kg of water (5% salinity)

Injection rate

32 kg/s

Total thickness of the layers

69.5 m

Radial distance

10,000 m

Initial pH

7.0

Entry pressure P0

54,000 Pa

Residual liquid saturation (Slr)

0.199

van Genuchten m

0.6
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Figure 2.1 Schematic diagram demonstrating how T2CPI takes information from TOUGH2 nodes
and applies those conditions to the CP nodes.
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Figure 2.2 Location of study area, depicting modeled injection well and thickness of the Dollar
Bay Formation, south Florida, USA.
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Figure 2.3 Prediction of supercritical CO2 phase migration from the injection well at 100 years for a) TOUGHREACT, and b) T2CPI
simulations.
29

Figure 2.4 Prediction of changes in pH at 100 years for: a) TOUGHREACT, and b) T2CPI simulations.
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Figure 2.5 Prediction of changes in calcite at 100 years for: a) TOUGHREACT, and b) T2CPI simulations.
31

Figure 2.6 Prediction of changes in dolomite at 100 years for: a) TOUGHREACT and b) T2CPI simulations.
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Figure 2.7 Prediction of changes in anhydrite at 100 years for: a) TOUGHREACT and b) T2CPI simulations.
33

Figure 2.8 Prediction of changes in porosity at 100 years for: a) TOUGHREACT and b) T2CPI simulations.
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Chapter 3: Effect of Brine Salinity on the Geological Sequestration of CO2 in a Deep Saline
Carbonate Formation
3.1 Introduction
It is well known that the solubility of CO2 in brine decreases as the salinity of the brine
increases (Colt, 1984; Rumpf et al., 1994; Duan & Sun, 2003; Portier & Rochelle, 2005; Spycher
& Pruess, 2005, 2010; Yan et al., 2011; Thomas et al., 2012; De Silva et al., 2015; Zhao et al.,
2015; Ahmadi & Chapoy, 2018). However, it is not yet clear what this implies for the overall
importance of salinity on the viability of CO2 sequestration.
A few groups of investigators have simulated (numerically or experimentally) the
injection and transport of CO2 in saline aquifers under different salinity conditions, (Kumar et
al., 2005; Chalbaud et al., 2009; Alkan et al., 2010; Al‐Khdheeawi et al., 2018) but all of those
studies neglected any geochemical reactions that result from CO2 dissolution in residual brine.
Without accounting for geochemistry, it is not possible to estimate the effect of salinity on
important factors such as brine acidification, mineral dissolution, mineral precipitation, or
changes in aquifer porosity. In contrast, several other investigators have estimated the effect of
salinity on various geochemical processes related to CO2 sequestration, but without considering
transport processes (Prigiobbe et al., 2009; Thomas, 2010; Shao et al., 2011; Saraji et al., 2014).
To the best of my knowledge, no investigation has yet been conducted that accounts for both
transport and chemical reaction when assessing the impact of brine salinity.
This chapter has been submitted for publication in a peer reviewed journal “Greenhouse Gases: Science
and Technology” and is currently under review.
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Therefore, the overall goal of this chapter is to evaluate the impact of salinity on
geological CO2 sequestration in deep saline carbonate aquifers, accounting for both transport and
geochemistry. Specifically, this chapter aims to quantitatively assess the effect of brine salinity
on (a) the amount of CO2 that can be sequestered in the aqueous phase (solubility trapping), (b)
the storage efficiency of the repository, (c) the change in pH of the residual brine after
dissolution of CO2, and (d) changes in the mineralogy and porosity of the rock matrix that result
from mineral dissolution and precipitation reactions induced by CO2 injection. Taken together,
these findings will improve our ability to assess candidate repositories and to estimate likely
storage efficiencies or lifetimes of those repositories.
3.2 Methodology
The objectives of the study were achieved by performing simulations of supercritical CO2
injection into a deep saline aquifer comprised of calcite (CaCO3), dolomite (MgCa(CO3)2), and
anhydrite (CaSO4). Simulations were performed using TOUGHREACT 3.3 with the ECO2N
module (Pruess & Spycher, 2007; Xu et al., 2014), provided by Lawrence Berkeley National
Laboratory (https://tough.lbl.gov/software/toughreact). Simulations were conducted using
different values of the brine salinity, and model outputs from the different simulations were
compared to determine how brine salinity affects the CO2 sequestration.
3.2.1 Geology of Simulated Domain
The simulated aquifer used in this study is same as considered in chapter 2. Properties of
each of the 11 layers comprising the formation are provided in table 2.1.
3.2.2 Domain Discretization
The simulated domain is assumed to be radially symmetrical around a central CO2
injection well. In other words, vertical heterogeneity (layering) is accounted for, but horizontal
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heterogeneity within each layer is neglected. This enables simulations to be conducted in two
dimensions (r and z) rather than three dimensions (x, y, and z). The simulation domain is
discretized into 22 vertical layers (each of the 11 layers is discretized into two sub-layers of
equal thickness) and 130 radial columns. The total radius of the simulated domain is 10 km. The
radial discretization is finer (~5 m) near the injection well and coarser (~100 m) farther away
from the injection well.
3.2.3 Brine Composition and Chemistry
It is assumed that, before CO2 injection begins, the brine in the deep saline aquifer is in
equilibrium with the rock minerals comprising the aquifer. Also, it is assumed that the initial pH
of the brine is 7.0. Salinity of the brine is attributed to NaCl. Based on these assumptions, the
ions present in the brine are H+, OH–, Ca2+, Mg2+, Na+, Cl–, SO42–, HCO3–, CO32–, and aqueous
complexes of these major ions.
In this study, four different values of salinity were considered: 1%, 5%, 10%, and 15%,
where 5% is the baseline salinity of the aquifer. Initial concentration of the primary aqueous
species for the baseline case at pH 7 is provided in table 3.1. These values span the range of
salinity that might be encountered in typical deep saline aquifers (Morton & Land, 1987;
Bjørlykke & Gran, 1994). By specifying the temperature (75 °C), pressure (386 bar), pH (7.0),
and salinity of the formation, TOUGHREACT is able to estimate the initial aqueous composition
of the brine that would be in equilibrium with the three minerals (calcite, dolomite, anhydrite)
comprising the formation. This represents the initial condition of the domain at the onset of the
CO2 injection.
During the simulations, geochemical calculations were performed by TOUGHREACT
using the thermodynamic database of Wolery et al. (2007). This thermodynamic database was
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selected because it includes the minerals calcite, dolomite, and anhydrite, and because is
applicable to the temperature, pressure, and ionic strength simulated here.
3.2.4 Simulation of CO2 Injection
For this study, I simulated the injection of supercritical CO2 at a constant rate of 32 kg/s
via a single injection well. The injected supercritical gas is assumed to be pure CO2, i.e., no cocontaminants are considered in this chapter. The injection well is assumed to be partially
screened across the bottom 6 layers of the formation. Injecting CO2 in only the bottom half of the
formation was selected because supercritical CO2 is less dense than brine and will therefore tend
to rise towards the top of the formation once injected. I simulated injection of CO2 for 50 years
(a total of 50 million tons of CO2 injected) followed by a 50-year equilibration period with no
injection. Simulations were therefore concluded after a total simulated time of 100 years. Four
simulations were conducted, corresponding to the four values of salinity (1%, 5%, 10%, and
15%).
3.2.5 Simulation Outputs and Metrics of Performance
TOUGHREACT is capable of providing its user with a number of different output
results. In this study, at the end of the 100-year simulation, I examined the following output
metrics for each grid block in the discretized domain: (i) gas saturation, (ii) pH of brine,
(iii) mass of supercritical CO2 dissolved in the brine phase, (iv) mass of minerals that have either
dissolved or precipitated, and (v) changes in porosity (due to mineral precipitation/dissolution).
Gas saturation is defined as the fraction of the initial pore space that is now occupied by the
supercritical CO2 phase (as opposed to brine); a gas saturation of 0 in any particular grid block
indicates that the plume of CO2 has not yet reached that grid block, and a gas saturation of 1

42

indicates that the plume of CO2 has completely displaced the brine such that no brine remains at
that location.
I am also able to use these output metrics from TOUGHREACT to calculate the storage
efficiency of the CO2 injection. Storage efficiency is the ratio of the injected volume of CO2
relative to the maximum volume of CO2 that could theoretically be stored in the occupied
volume of aquifer (Van der Meer, 1995; Okwen et al., 2010; Bachu, 2015). Following Okwen et
al. (2010), storage efficiency (here denoted by the symbol ε) can be computed according to
𝜀𝜀 = �𝑉𝑉injected ⁄𝑉𝑉formation � = �

𝑄𝑄 𝑡𝑡
�𝜑𝜑 𝐵𝐵 𝜋𝜋 (𝑟𝑟 )2 �
max

(3.1)

where Q is the time-averaged volumetric injection rate of CO2, t is the injection time (here 50

years), B is the thickness of the repository (here 69.5 m), φ is the average porosity of the
repository, and rmax is the maximum radial extent reached by the injected CO2 plume. Eqn (3.1)
shows that, if all other parameters are held constant, ε decreases as rmax increases. In other words,
if the injected CO2 plume extends farther into the aquifer, it represents a less efficient use of the
aquifer volume.
By comparing these output metrics for each of the four simulations conducted, I am able
to quantitatively evaluate the impact of salinity on geological CO2 sequestration in deep saline
carbonate aquifers.
3.3 Results and Discussion
3.3.1 Overall Behavior of Injected CO2
The simulations in this study assume that supercritical CO2 is injected into the deep saline
aquifer via a single partially screened injection well, as described above. Injected CO2 and
aquifer brine behave as two distinct fluid phases. Therefore, as CO2 moves radially away from
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the injection well, it displaces the brine, i.e., the CO2 pushes the native brine away from the
injection well. As the CO2 displaces the brine, three important processes occur:
1. Because the CO2 is less dense than the brine, the CO2 plume tends to “ride up” above the
brine as the two fluids simultaneously move away from the injection well, so the lower
portion of the aquifer might not be accessed by the injected CO2;
2. As is typical for multi-phase flow in porous media, some of the receding fluid (in this case,
brine) is held in place by capillary forces as it recedes, so some residual brine remains in the
pore space behind the advancing CO2 front; and
3. Although the two fluids are mostly immiscible, they are partially soluble, i.e., some water
dissolves into the CO2 phase, and some CO2 dissolves into the brine, particularly into the
residual brine that is present behind the advancing CO2 front.
With regard to process (3), above, when CO2 dissolves in the residual brine, it forms
carbonic acid (H2CO3), lowering the pH in the residual brine, and possibly inducing chemical
reactions. If the dissolution process (inter-phase mass transfer) is assumed to be rapid, then the
following chemical equilibria apply and show the release of H+ ions (Wilkins et al., 2001;
Rosenbauer et al., 2005).
CO2 (g)   CO2 (aq)

(3.2)

CO2 (aq) + H2O   H2CO3 (aq)

(3.3)

H2CO3 (aq)   H+ (aq) + HCO3– (aq)

(3.4)

HCO3– (aq)   H+ (aq) + CO32– (aq)

(3.5)

In carbonate aquifers, the acidification of the brine is significant, because it leads to the
dissolution of the carbonate minerals according to the following reactions.
CaCO3 (s) + H+ (aq)   Ca2+ (aq) + HCO3– (aq)

(3.6)

44

MgCa(CO3)2 (s) + 2 H+ (aq)   Mg2+ (aq) + Ca2+ (aq) + 2 HCO3– (aq)

(3.7)

The dissolution of calcite (Eqn 3.6) and dolomite (Eqn 3.7) releases Ca2+ and Mg2+ into
aqueous solution. These cations may then participate in additional chemical reactions (e.g.,
mineral precipitation reactions), depending on what other species are present in the brine, and
depending on thermodynamic conditions such as temperature and pressure.
3.3.2 Effects of Salinity on CO2 Plume Movement and Gas Saturation
Figure 3.1 shows maps of the estimated gas saturation predicted by TOUGHREACT 3.3
at the end of the 100-year simulation period. Each panel in Fig. 3.1 corresponds to one of the
four tested values of brine salinity: 1%, 5%, 10%, or 15%. The simulated domain is assumed to
be radially symmetrical, so the abscissa for the graphs is radial distance from the well; it is not
necessary to consider x and y coordinates separately. In each panel of Fig. 3.1, the injection well
is located at a radial distance of 0, i.e., at the left-hand boundary of the figure panel. Results
shown in Fig. 3.1 therefore display the predicted shapes of the CO2 plume in (r, z) coordinates.
In Fig. 3.1, “vertical position” means vertical position within the injection zone, which is located
approximately 3 km below ground surface; i.e., a vertical position of 0 corresponds to the top of
the injection zone, not to ground surface; a vertical position of –69.5 m corresponds to the
bottom of the injection zone.
Not surprisingly, Fig. 3.1 shows that the gas saturation is highest in the vicinity of the
injection well. In fact, very close to the well, any residual brine that was not displaced by
injected CO2 has been evaporated over time by continued contact with the CO2 phase
(Nordbotten & Celia, 2006), a process sometimes referred to as “dry-out” (Pruess & Müller,
2009). This leads to gas saturation of 1 in the pore space very close to the well (or perhaps just
slightly below 1 if some of the pore space is occupied by salts that precipitate as a result of brine
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evaporation). At further distances from the well, the gas saturation decreases, because the
injected CO2 has only partially displaced the brine; some of the brine remains in the pore space
as residual fluid, held in place by capillary forces (Krevor et al., 2011; Pentland et al., 2011). At
radial distances beyond about 5 km from the injection well, the gas saturation is 0, because the
CO2 plume did not reach those distances within the 50-year injection period.
The shape of the CO2 plumes in Fig. 3.1 shows the effect of buoyancy. Because CO2 is
less dense than brine, the CO2 plume rides on top of the brine, and gas saturation is higher at the
top of the injection layer. The CO2 plume travels preferentially in the upper portion of the
injection layer, and much of the bottom of the aquifer is not accessed by CO2, even though the
injection well was screened in the lower half. This leads to an inefficient use of the overall
aquifer volume, i.e., the storage efficiency in the formation is low. This effect has been noted
previously by other researchers (Nordbotten et al., 2005; Okwen et al., 2010; Nordbotten &
Celia, 2011).
Comparison of the four panels in Fig. 3.1 elucidates the effect of brine salinity on the
overall CO2 plume movement. There are two main effects of the salinity. First, as brine salinity
increases, the brine density increases, and this exacerbates the buoyancy effects described above.
Therefore, at higher salinity, the CO2 plume is more “skewed” (less piston-like): the plume
reaches a longer spatial extent in the top layer of the formation, but a shorter spatial extent in the
bottom layer. Second, at higher salinity, CO2 is less soluble in brine, so more of the injected CO2
stays in the supercritical (gas) phase, rather than dissolving into the brine. This compounds the
solubility effect in the upper layer of the aquifer: because more CO2 remains in the gas phase, the
spatial extent of the gas phase is longer. As a result of these two effects, the maximum extent of
the CO2 plume in the top layer (i.e., rmax) is 4160 m in the 1% salinity case, but 4600 m in the
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15% salinity case. Thus, as the salinity of the brine increases, more aquifer volume is required to
store the same mass of CO2. The salinity effects observed here are consistent with the
observations made previously by Al-Khdheeawi et al. (2018) and Alkan et al. (2010).
3.3.3 Impact of Salinity on Storage Efficiency
Because of the two factors described immediately above, as the salinity of the brine
increases, more aquifer volume is required to store the same mass of injected CO2. In other
words, the storage efficiency of the formation decreases as the salinity increases. Using equation
3.1, the storage efficiency was calculated for each of the four salinity values considered here.
Results are shown in table 3.2. As salinity increases from 1% to 15%, the storage efficiency
decreases from 10.5% to 8.6%, which represents a percentage decrease of 18%. The estimated
range of 8.6–10.5% storage efficiency is of similar magnitude to values or estimates reported
previously in other studies.(Van der Meer, 1995; Bachu et al., 2007; Okwen et al., 2010; Bachu,
2015)
3.3.4 Impact of Salinity on Solubility Trapping of CO2
As noted above, solubility trapping (dissolution of CO2 into residual brine) is believed to
represent a more secure long-term storage mechanism than gas-phase CO2 storage (Benson &
Cole, 2008). Therefore, it would generally be more desirable to select a repository that favors
rapid and widespread dissolution of CO2 into the brine phase, rather than a repository in which
little or no CO2 dissolves.
Therefore, Figure 3.2 shows maps of the estimated concentration of CO2 dissolved into
the brine phase (kg CO2 dissolved / m3 brine) for each of the four salinity scenarios considered.
The shapes of the concentration profiles in Fig. 3.2 match the shapes of the gas saturation
profiles in Fig. 3.1; this is expected, because CO2 can only dissolve into the brine at a particular
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location if gas-phase CO2 is present at that location. In the region very close to the injection well
(i.e., close to r = 0, and especially in the lower half of the formation), there is no residual brine
present, due to dry-out; no CO2 can dissolve into the brine phase in the dry-out zone, so Fig. 3.2
indicates a narrow region of 0 kg/m3 dissolved near the injection well.
Figure 3.2 shows that the concentration of CO2 dissolved in the residual brine is a strong
function of salinity. At 1% salinity, the dissolved CO2 concentration is close to 60 kg/m3 in the
region accessed by the CO2 plume; at 15% salinity, the dissolved CO2 concentration is only
about 40 kg/m3. This is not surprising, because it is well known that the solubility of CO2 in
brine decreases as the salinity of the brine increases (Rumpf et al., 1994; Duan & Sun, 2003;
Portier & Rochelle, 2005; Spycher & Pruess, 2005; Yan et al., 2011; Thomas et al., 2012; De
Silva et al., 2015; Zhao et al., 2015; Ahmadi & Chapoy, 2018). However, the simulations
performed here allow the magnitude of this effect to be quantified. Table 3.2 indicates that, as
salinity increases from 1% to 15%, the total mass of CO2 dissolved in the brine phase (at the end
of the 100-year simulation) decreases from 7.2 million tons to 5.4 million tons, a percentage
reduction of 25%. This is similar to the results of Al-Khdheeawi et al. (2018), who observed a
16% reduction in solubility trapping when salinity increased from 3% to 20%.
In the current study, the CO2 mass injection rate of the simulations was 32 kg/s (1 MT/y)
for a period of 50 years, which corresponds to a total injected CO2 mass of 50 million tons. Thus,
for the simulations performed here, approximately 10–15% of the injected CO2 dissolves into the
brine, with the exact value depending strongly on the salinity of the brine. This is also similar to
the results of Al-Khdheeawi et al. (2018), who observed 18–22% of injected CO2 stored by
solubility trapping after 200 years.
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3.3.5 Impact of Salinity on pH of Residual Brine
Figs. 3.1 and 3.2 indicate that lower salinity favors higher storage efficiency and more
solubility trapping of CO2, both of which are desirable. However, as noted above, dissolution of
CO2 into residual brine leads to the formation of carbonic acid, and a consequent drop in the pH
of the brine. If the pH drop is too extreme, it could lead to excessive dissolution of the
surrounding rock matrix, especially in carbonate formations, because carbonate mineral dissolve
under acidic conditions (as shown in Eqns 3.6 and 3.7).
Therefore, Figure 3.3 shows maps of the pH drop in the residual brine. The initial pH of
the brine was 7.0. The shapes of the pH profiles in Fig. 3.3 match the shapes of the gas saturation
profiles in Fig. 3.1 and the CO2 concentration profiles in Fig. 3.2; this is expected, because the
pH of the brine drops only where CO2 dissolves into the brine. Fig. 3.2 indicates that, under the
CO2 pressures of 386-390 bars, the pH of the residual brine typically drops by about 2.3 pH
units, which corresponds to a final brine pH of about 4.7. This appears to be consistent with
estimates made by Thomas et al. (2012), who predicted an equilibrium brine pH of 4.75–4.80 for
a carbonate system following injection of CO2 at 160 bar.
Interestingly, Fig. 3.3 indicates that the pH drop is a very weak function of brine salinity.
This is surprising because Fig. 3.2 indicates that the CO2 dissolution is a strong function of
salinity. Because about 25% more CO2 dissolves at 1% salinity than at 15% salinity (Fig. 3.2),
we would generally expect a significantly larger pH drop under the 1% salinity conditions, based
on Eqns 3–5: increasing the concentration of CO2 (aq) should shift all the equilibria to the right,
favoring the formation of H+ ions and a concomitant lowering of the pH. However, Fig. 3.3
indicates this is not the case. The reason is that the activity coefficient of CO2 (aq) increases with
brine salinity; TOUGHREACT 3.3 estimates activity coefficients of 1.06, 1.21, 1.36, and 1.50

49

for aqueous CO2 at (respectively) 1%, 5%, 10%, and 15% salinity. Therefore, at high-salinity
conditions, even though less CO2 (aq) is formed via dissolution, the chemical activity of the CO2
(aq) is very nearly equal under low-salinity and high-salinity conditions. Thus, the formation of
carbonic acid and, consequently, H+ ions is essentially equal in all scenarios considered. The
increase in activity coefficient of CO2 with increasing salinity counteracts the decreased
solubility of CO2.
3.3.6 Impact of Salinity on Mineral Dissolution, Mineral Precipitation, and Porosity
Equations 3.2–3.7 show that the injection of CO2 into the saline aquifer is expected to
result in the dissolution of calcite and dolomite. However, the release of Ca2+ into solution can
then induce the precipitation of anhydrite by shifting the following equilibrium to the left.
CaSO4 (s)   Ca2+ (aq) + SO4– (aq)

(3.8)

Therefore, the injection of CO2 can lead to dissolution of minerals, which would lead to an
increase in the porosity of the formation, but also the precipitation of minerals, which would lead
to a decrease in the porosity of the formation. A large increase in porosity might threaten the
structural integrity of the formation; a large decrease in porosity might reduce the permeability of
the formation and thereby threaten the ability to inject CO2 into the repository. It is therefore
important to quantitatively estimated how salinity affects porosity changes in the formation.
Figure 3.4 shows the changes in porosity in the formation from the beginning to the end
of the 100-year simulation. Very near the injection well, the porosity decreases (negative values
in Fig. 3.4), because salt precipitates during dry-out. However, in most of the formation that is
accessed by the CO2 plume, the porosity increases (positive values in Fig. 3.4), because the
dissolution of calcite and dolomite induced by CO2 injection outweights the accompanying
precipitation of anhydrite. The porosity increase is more pronounced in dolomite layers than in

50

calcite layers. As expected, very far from the injection well, there is no change in porosity (value
of 0 in Fig. 3.4), because the CO2 plume only extends about 5 km from the injection well.
One important result evident from Fig. 3.4 is that the magnitude of the porosity changes
is relatively small. In dolomite layers, the initial porosity of the layers was 0.07–0.19 (table 3.1),
and the increase in porosity is on the order of 0.0001. In calcite layers, the initial porosity of the
layers was 0.02–0.07, and the increase in porosity is on the order of 0.00005. Thus, in general,
the estimated increase in porosity is only about 0.1% of the initial porosity of the formation,
which is likely to be negligible from the standpoint of structural integrity or changes in
permeability. The injection of CO2 does result in brine acidification and thus dissolution of
carbonate minerals, but the quantity of minerals dissolved appears to be very small.
Another important result evident from Fig. 3.4 is that salinity has only a very weak effect
on porosity change. The results of the 15% salinity simulation are barely distinguishable from
the results of the 1% salinity simulation. This is because, as discussed above, the magnitude of
the pH change induced by CO2 dissolution is a very weak function of the brine salinity.
3.4 Conclusions
The salinity of the brine in deep saline aquifers can affect the dissolution of injected CO2
into the aqueous phase, and therefore can affect the resultant geochemistry. The purpose of this
chapter is to quantitatively estimate the effect of brine salinity on various aspects of geologic
CO2 sequestration, for the particular case of deep saline aquifers comprised of carbonate
minerals. To perform that estimation, injection of CO2 into a model layered carbonate formation
was simulated in TOUGHREACT 3.3.
As brine salinity increases, the solubility of CO2 in the aqueous phase decreases. This
leads to a higher fraction of the injected CO2 remaining in the gas phase. Simultaneously, as
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brine salinity increases, the density difference between the brine and the injected CO2 increases.
The combination of the decreased solubility and the increased buoyancy means that storage
efficiency decreases as salinity increases. In this study, as salinity increased from 1% to 15%, the
total mass of CO2 dissolved in the aqueous phase (at the end of a 100-year period) decreased
from 7.2 million tons to 5.4 million tons, a percentage reduction of 25%; furthermore, the storage
efficiency decreased from 10.5% to 8.6%, a percentage reduction of 18%.
Surprisingly, despite the strong effect of brine salinity on CO2 solubility and dissolution,
the effect of brine salinity on geochemistry was weak. In all cases tested, the pH of the brine
decreased from 7.0 to ~4.7 upon CO2 dissolution, regardless of the salinity of the brine, and
despite the fact that much more CO2 dissolves under low-salinity conditions. This is because the
chemical activity coefficient of the dissolved CO2 increases with brine salinity, counteracting the
effects of decreased solubility. As a result, brine salinity also had little effect on mineral
dissolution and precipitation, or on changes in formation porosity. Porosity increases were
greater in dolomite layers than in calcite layers, but in all cases, porosity changes induced by
CO2 injection were small, and are therefore not expected to have a material effect on the
permeability or the structural integrity of the repository.
Thus, overall, low-salinity formations offer greater storage efficiency and greater
potential for solubility trapping of injected CO2 than offered by high-salinity formations, without
exhibiting any significant differences in brine acidification, mineral dissolution/precipitation, or
porosity change. These findings reinforce the previous conclusion of Al-Khdheeawi et al. (2018)
that low-salinity reservoirs are preferential to high-salinity reservoirs as repositories for CO2
sequestration.

52

Table 3.1 Initial concentration of primary aqueous species for 5% salinity case.
Primary aqueous

Concentration (in

Activity

species

mol/kg of water)

coefficient

H+

9.05492×10-5

6.31576×10-1

Ca2+

5.57643×10-2

1.80045×10-1

Mg2+

3.27983×10-3

1.89481×10-1

Na+

8.54998×10-1

6.59872×10-1

HCO3-

1.51200×10-3

6.55059×10-1

SO4-

5.06384×10-2

1.80881×10-1

Cl-

8.54998×10-1

6.71597×10-1

Table 3.2 Storage efficiency, mass of dissolved CO2, and activity coefficient of aqueous CO2 as a
function of brine salinity.
Salinity of brine

Storage efficiency (%)

Mass of dissolved CO2 (Mt)

Activity coefficient

1%

10.5

7.2

1.06

5%

9.9

6.6

1.21

10%

9.2

5.9

1.36

15%

8.6

5.4

1.50
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Figure 3.1 Prediction of supercritical CO2 phase migration from the injection well at 100 years as function of brine salinity.
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Figure 3.2 Prediction of concentration of CO2 (aq) at 100 years as a function of brine salinity.
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Figure 3.3 Prediction of changes in pH (magnitude of difference between initial and final pH) at 100 years as a function of brine
salinity.
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Figure 3.4 Prediction of changes in porosity at 100 years as a function of brine salinity.

57

3.5 References
Ahmadi, P., & Chapoy, A. (2018). CO2 solubility in formation water under sequestration
conditions. Fluid Phase Equilibria, 463, 80-90.
Al‐Khdheeawi, E. A., Vialle, S., Barifcani, A., Sarmadivaleh, M., Zhang, Y., & Iglauer, S.
(2018). Impact of salinity on CO2 containment security in highly heterogeneous
reservoirs. Greenhouse Gases: Science and Technology, 8(1), 93-105.
Alkan, H., Cinar, Y., & Ülker, E. (2010). Impact of capillary pressure, salinity and in situ
conditions on CO2 injection into saline aquifers. Transport in Porous Media, 84(3), 799819.
Bachu, S. (2015). Review of CO2 storage efficiency in deep saline aquifers. International
Journal of Greenhouse Gas Control, 40, 188-202.
Bachu, S., Bonijoly, D., Bradshaw, J., Burruss, R., Holloway, S., Christensen, N. P., &
Mathiassen, O. M. (2007). CO2 storage capacity estimation: methodology and gaps.
International Journal of Greenhouse Gas Control, 1(4), 430-443.
Benson, S. M., & Cole, D. R. (2008). CO2 sequestration in deep sedimentary formations.
Elements, 4(5), 325-331.
Bjørlykke, K., & Gran, K. (1994). Salinity variations in North Sea formation waters:
implications for large-scale fluid movements. Marine and Petroleum Geology, 11(1), 5-9.
Chalbaud, C., Robin, M., Lombard, J., Martin, F., Egermann, P., & Bertin, H. (2009). Interfacial
tension measurements and wettability evaluation for geological CO2 storage. Advances in
Water Resources, 32(1), 98-109.
Colt, J. (1984). Computation of dissolved gas concentrations in water as functions of
temperature, salinity and pressure. American Fisheries Society Special Publication 14.

58

De Silva, G., Ranjith, P. G., & Perera, M. (2015). Geochemical aspects of CO2 sequestration in
deep saline aquifers: a review. Fuel, 155, 128-143.
Duan, Z., & Sun, R. (2003). An improved model calculating CO2 solubility in pure water and
aqueous NaCl solutions from 273 to 533 K and from 0 to 2000 bar. Chemical Geology,
193(3-4), 257-271.
Krevor, S. C., Pini, R., Li, B., & Benson, S. M. (2011). Capillary heterogeneity trapping of CO2
in a sandstone rock at reservoir conditions. Geophysical Research Letters, 38(15).
Kumar, A., Noh, M. H., Ozah, R. C., Pope, G. A., Bryant, S. L., Sepehrnoori, K., & Lake, L. W.
(2005). Reservoir simulation of CO2 storage in aquifers. SPE Journal, 10(03), 336-348.
Morton, R. A., & Land, L. S. (1987). Regional variations in formation water chemistry, Frio
formation (Oligocene), Texas Gulf Coast. AAPG Bulletin, 71(2), 191-206.
Nordbotten, J. M., & Celia, M. A. (2006). Similarity solutions for fluid injection into confined
aquifers. Journal of Fluid Mechanics, 561, 307-327.
Nordbotten, J. M., & Celia, M. A. (2011). Geological storage of CO2: modeling approaches for
large-scale simulation: John Wiley & Sons.
Nordbotten, J. M., Celia, M. A., & Bachu, S. (2005). Injection and storage of CO2 in deep saline
aquifers: analytical solution for CO2 plume evolution during injection. Transport in
Porous Media, 58(3), 339-360.
Okwen, R. T., Stewart, M. T., & Cunningham, J. A. (2010). Analytical solution for estimating
storage efficiency of geologic sequestration of CO2. International Journal of Greenhouse
Gas Control, 4(1), 102-107.

59

Pentland, C. H., El‐Maghraby, R., Iglauer, S., & Blunt, M. J. (2011). Measurements of the
capillary trapping of super‐critical carbon dioxide in Berea sandstone. Geophysical
Research Letters, 38(6).
Portier, S., & Rochelle, C. (2005). Modelling CO2 solubility in pure water and NaCl-type waters
from 0 to 300 C and from 1 to 300 bar: Application to the Utsira Formation at Sleipner.
Chemical Geology, 217(3-4), 187-199.
Prigiobbe, V., Hänchen, M., Werner, M., Baciocchi, R., & Mazzotti, M. (2009). Mineral
carbonation process for CO2 sequestration. Energy Procedia, 1(1), 4885-4890.
Pruess, K., & Müller, N. (2009). Formation dry‐out from CO2 injection into saline aquifers: 1.
Effects of solids precipitation and their mitigation. Water Resources Research, 45(3),
W03402.
Pruess, K., & Spycher, N. (2007). ECO2N – A fluid property module for the TOUGH2 code for
studies of CO2 storage in saline aquifers. Energy Conversion and Management, 48(6),
1761-1767.
Roberts-Ashby, T., & Ashby, B. (2016). A method for examining the geospatial distribution of
CO2 storage resources applied to the Pre-Punta Gorda Composite and Dollar Bay
reservoirs of the South Florida Basin, USA. Marine and Petroleum Geology, 77, 141159.
Rosenbauer, R. J., Koksalan, T., & Palandri, J. L. (2005). Experimental investigation of CO2–
brine–rock interactions at elevated temperature and pressure: Implications for CO2
sequestration in deep-saline aquifers. Fuel Processing Technology, 86(14-15), 15811597.

60

Rumpf, B., Nicolaisen, H., Öcal, C., & Maurer, G. (1994). Solubility of carbon dioxide in
aqueous solutions of sodium chloride: experimental results and correlation. Journal of
Solution Chemistry, 23(3), 431-448.
Saraji, S., Piri, M., & Goual, L. (2014). The effects of SO2 contamination, brine salinity,
pressure, and temperature on dynamic contact angles and interfacial tension of
supercritical CO2/brine/quartz systems. International Journal of Greenhouse Gas
Control, 28, 147-155.
Shao, H., Ray, J. R., & Jun, Y.-S. (2011). Effects of salinity and the extent of water on
supercritical CO2-induced phlogopite dissolution and secondary mineral formation.
Environmental Science & Technology, 45(4), 1737-1743.
Spycher, N., & Pruess, K. (2005). CO2-H2O Mixtures in the geological sequestration of CO2. II.
partitioning in chloride brines at 12–100 C and up to 600 bar. Geochimica et
Cosmochimica Acta, 69(13), 3309-3320.
Spycher, N., & Pruess, K. (2010). A phase-partitioning model for CO2–brine mixtures at
elevated temperatures and pressures: application to CO2-enhanced geothermal systems.
Transport in Porous Media, 82(1), 173-196.
Thomas, M. W. (2010). Geochemical modeling of CO2 sequestration in dolomiticlimestone
aquifers. University of South Florida,
Thomas, M. W., Stewart, M., Trotz, M., & Cunningham, J. A. (2012). Geochemical modeling of
CO2 sequestration in deep, saline, dolomitic-limestone aquifers: Critical evaluation of
thermodynamic sub-models. Chemical Geology, 306, 29-39.
Van der Meer, L. (1995). The CO2 storage efficiency of aquifers. Energy Conversion and
Management, 36(6-9), 513-518.

61

Wilkins, S. J., Compton, R. G., Taylor, M. A., & Viles, H. A. (2001). Channel flow cell studies
of the inhibiting action of gypsum on the dissolution kinetics of calcite: a laboratory
approach with implications for field monitoring. Journal of Colloid and Interface
Science, 236(2), 354-361.
Wolery T.J., Jove-Colon C.F., & Jareck, R.L. (2007). Qualification of thermodynamic data for
geochemical modeling of mineral-water interactions in dilute systems. ANL-WISGS000003 REV 01. Las Vegas, Nevada: Sandia National Laboratories. ACC:
DOC.20070619.0007.
Xu, T., Sonnenthal, E., Spycher, N., & Zheng, L. (2014). TOUGHREACT V3. 0-OMP reference
manual: a parallel simulation program for non-isothermal multiphase geochemical
reactive transport. University of California, Berkeley.
Yan, W., Huang, S., & Stenby, E. H. (2011). Measurement and modeling of CO2 solubility in
NaCl brine and CO2–saturated NaCl brine density. International Journal of Greenhouse
Gas Control, 5(6), 1460-1477.
Zhao, H., Fedkin, M. V., Dilmore, R. M., & Lvov, S. N. (2015). Carbon dioxide solubility in
aqueous solutions of sodium chloride at geological conditions: Experimental results at
323.15, 373.15, and 423.15 K and 150 bar and modeling up to 573.15 K and 2000 bar.
Geochimica et Cosmochimica Acta, 149, 165-189.

62

Chapter 4: Effect of Temperature on the Geological Sequestration of CO2 in a Deep Saline
Carbonate Formation
4.1 Introduction
Temperature can have a significant impact on the extent of geochemical reactions,
solubility of minerals, and solubility of injected CO2 in aqueous solution (Mohamed et al., 2013).
Equilibrium constants for geochemical reactions may change significantly with temperature
(Gaus, 2010; Xu et al., 2010). CO2 solubility in pure as well as saline water at multiple
temperature points have been reported in several studies (Duan & Sun, 2003; Spycher & Pruess,
2005; Akinfiev & Diamond, 2010; Zhao et al., 2015). Solubility of CO2 in native brine decreases
non-linearly with increase in temperature (Duan & Sun, 2003).
However, temperature in a geologic formation varies according to its geothermal gradient
(Marini, 2006; Jun et al., 2013). Geothermal gradient varies from 10 °C/km in stable continental
cratons to 100 °C/km in active volcanic regions (Lowell et al., 2014). Marini (2006) has
estimated an average geothermal gradient of 33 °C/km at geological sequestration sites. Also,
temperature in geological sequestration sites was found to vary between 31 °C to 128 °C (Gaus,
2010; Xu et al., 2010; Middleton et al., 2012). However, despite the fact that temperature may
vary widely from one candidate repository to another, nobody has quantified how variations in
temperature affect suitability of a candidate repository for geological CO2 storage.
Therefore, the overall objective of this chapter is to evaluate the impact of temperature on
geological carbon sequestration under the conditions of multiphase reactive transport processes
Note: This chapter has been submitted for publication in the peer review journal “ASME Journal of Energy
Resources Technology” and is currently under review process.
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in a layered carbonate formation. The overall objective will be achieved by evaluating the effect
of temperature on 1) storage efficiency of the formation; 2) solubility trapping of CO2; 3) change
in pH of residual brine; 4) changes in the mineralogy and porosity of the formation. The study
can be helpful in screening a reservoir based on the initial formation temperature. A preferred
candidate reservoir will be the one which can offer higher storage efficiency and higher
solubility trapping without significant change in porosity after supercritical CO2 injection.
4.2 Method
Using TOUGHREACT 3.3 (Xu et al., 2014), changes in physical and chemical properties
of a layered carbonate formation as a function of temperature have been estimated.
Mineralogy and physical properties of the aquifer are based on the Dollar Bay formation,
as detailed in the previous chapter. In this chapter, simulations for four values of temperature, 35,
55, 75, and 95 °C have been carried out. Table 4.1 lists initial conditions and other reservoirs
parameters used for the simulations. Mineralogy and physical properties of the layers are listed
in table 2.1, which is same as in chapter 2 and chapter 3. For all four temperature cases, salinity
is 5% NaCl, which is one of the case (base case) in chapter 3.
Results were determined after 50 years of supercritical CO2 injection followed by another
50 years without any injection. In all the simulations, thermodynamic database prepared by
Wolery et al. (2007) has been used.
Additionally, storage efficiency which is defined as the ratio of actual volume of injected
CO2 to the ratio of maximum storage volume of the repository, was calculated using the
following correlation given by van der Meer (Van der Meer, 1995) as given in equation 3.1.
Spatial distribution of CO2 plume (gas saturation), dissolved CO2 concentration, pH,
dissolution/precipitation of minerals, and changes in porosity are reported after the numerical

64

simulation. Storage efficiency of the formation will be evaluated using spatial outreach of the
CO2 plume.
4.3 Results and Discussion
4.3.1 Migration of CO2 Plume and Storage Efficiency
Figure 4.1 shows the gas saturation after 100 years of simulation for four temperatures:
35, 55, 75, and 95 °C. Color map in figure 4.1 indicates gas saturation ranging from 0 (no gas
phase) to 1 (only CO2 in gas phase, no aqueous phase). Spatial distribution of CO2 plume varies
with temperature. As temperature increases, density of the supercritical CO2 decreases. Hence,
the effect of buoyancy is more dominant at the higher temperatures. Increase in temperature
makes the CO2 plume to rise up more dominantly and travel farther radially near the upper layers
of the formation. Greater spread of the CO2 plume at higher temperatures decreases the storage
efficiency (table 4.2), which is calculated according to equation 3.1. As we can see in table 4.2,
as temperature increased from 35 °C to 95 °C, storage efficiency decreased by 26%.
4.3.2 Dissolution of CO2 and Total Solubility Trapping
After 100 years of simulation, concentration of CO2 (aq) is plotted in figure 4.2 for four
temperatures: 35, 55, 75, and 95 °C. As seen from the color map in figure 4.2, CO2 solubility in
brine decreases with increase in temperature. At 35 °C, dissolved CO2 concentration is around 55
g/kg of H2O, whereas at 95 °C it goes down to around 50 g/kg of H2O.
There is a decrease in concentration of CO2 (aq) with increase in temperature. Hence,
relatively lower amount of overall solubility trapping at higher temperatures is expected after
100 years of simulation. However, looking at the total amount of CO2 trapped via solubility
trapping in table 4.2, there is higher amount (6.9 million tons) of total dissolved CO2 at 95 °C
compare to 35 °C (6.3 million tons). Increase in the solubility trapping is the interesting outcome
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of the research which can be explained using volume of the repository travelled by the CO2
plume in all four cases. As temperature increased from 35 °C to 95 °C, the radial extent of plume
migration increased from 3500 m to 4600m. Hence, even if solubility is less at higher
temperature, volume of the brine penetrated by CO2 plume is higher, resulting in higher overall
solubility trapping of CO2 at higher temperature.
4.3.3 Changes in pH
Simulations were started with initial pH of 7 in all four cases of temperatures: 35, 55, 75,
and 95 °C. After 100 years of simulation, pH is plotted in figure 4.3. When CO2 is injected in
brine, it forms carbonic acid and decreases the pH of the brine. There are no noticeable changes
in pH as a function of temperature. In all four cases, pH is dropping to approximately 4.8 from
7.0 which is consistent with changes in CO2 solubility with temperature. CO2 solubility is not
changing much as discussed earlier.
4.3.4 Changes in Mineralogy and Porosity of the Formation
Due to acidification of brine, carbonate minerals such as calcite and dolomite dissolve,
and sulfate mineral such as anhydrite shows precipitation. Dissolution of the carbonate minerals
lead to increase in porosity while precipitation of the sulfate mineral leads to decrease in the
porosity of the layers (figure 4.4, 4.5, and 4.6). After 100 years of simulation, net changes in the
porosity across the layers are plotted in figure 4.7 for all four temperatures: 35, 55, 75, and 95
°C. As we notice in the color map of figure 4.7, the magnitude of porosity changes are in order of
10-4 in all four cases. Even though the magnitude of porosity change is slightly higher at lower
temperature, it is negligible when compared with the original porosity reported in table 4.1.
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4.4 Conclusions
Based on the study, it can be concluded that temperature plays an important role in
determining CO2 storage sites. The storage efficiency decreases significantly in the formation at
higher temperature. Also, most of the injected CO2 which was in the supercritical phase shows
upward movement and migrates near the upper layers of the formation which may cause higher
leakage in case of mechanical failure. The higher amount of total solubility trapping of CO2 after
100 years doesn’t seem to offer a good compensation for selecting the formations with higher
temperature (increase of 10% in solubility trapping and decrease in 26% storage efficiency when
going from 35 °C to 95°C). Therefore, based on the study, lower formation temperature seems
more promising for the geological carbon sequestration in the limestone-dolomitic formation.
However, based on the study, we don’t rule out the possibility of sequestering CO2 at high
temperature formations if the formations are properly evaluated for mechanical stress and
availability of total volume for geological carbon storage.

67

Table 4.1 Reservoir parameters and initial condition for studying the effect of temperature on geological carbon storage
Parameter/condition

Value

Temperatures

35, 55, 75, and 95 °C

Initial pressure (top layer)

386 bar

Brine salinity (mass fraction NaCl)

5%

Injection rate

32 kg/s

Injection period

50 years

Total thickness of the layers

69.5 m

Radial distance

10,000 m

Initial pH

7.0

Table 4.2 Storage efficiency and mass of dissolved CO2 as a function of temperature.
Temperature
(°C)
35
55
75
95

Storage efficiency Mass of dissolved
(%)
CO2 (Mt)
12.9
6.26
11.3
6.31
6.57
9.9
9.5
6.92

Fugacity coefficient
of CO2(gas)
0.26
0.33
0.40

Activity coefficient
of CO2 (aq)
1.232
1.215
1.205

0.47

1.201
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Figure 4.1 Prediction of supercritical CO2 phase migration from the injection well at 100 years as function of temperature.
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Figure 4.2 Prediction of concentration of CO2 (aq) as a function of formation temperature after 100 years of simulation.
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Figure 4.3 Prediction of pH as function of temperature of the formation after 100 years of simulation.
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Figure 4.4 Prediction of changes in calcite (kg/m3 of medium) at 35, 55, 75, and 95 °C after 100 years of simulation.
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Figure 4.5 Prediction of changes in dolomite (kg/m3 of medium) at 35, 55, 75, and 95 °C after 100 years of simulation.
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Figure 4.6 Prediction of changes in anhydrite (kg/m3 of medium) at 35, 55, 75, and 95 °C after 100 years of simulation.
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Figure 4.7 Prediction of changes in porosity at 100 years as a function of temperature.
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Chapter 5: Effect of Co-injecting SO2 Impurity and Reservoir Heterogeneity on Geological
Carbon Sequestration
5.1 Introduction
CO2-rich flue gas stream captured from the point sources often includes impurities such
as SO2, NO2, and H2S (Porter et al., 2015; Poullikkas, 2015; Rezaei et al., 2015). Complete
removal of these acid gases from the flue gas stream is impractical and expensive (Poullikkas,
2015). From the standpoint of geological carbon sequestration, these impurities are important
because they can alter the chemistry of repositories significantly during the sequestration (Islam
& Chakma, 1993; Knauss et al., 2005; Xu et al., 2007; Crandell et al., 2010; Soong et al., 2014;
Erickson et al., 2015; Pearce et al., 2015; Porter et al., 2015; Rezaei et al., 2015; Talman, 2015;
Thaysen et al., 2017; Wolf et al., 2017; Hedayati et al., 2018; Spycher et al., 2019). The
concentrations of impurities in the captured flue gas stream vary significantly depending on the
type of point source and technology used for the capture process (Porter et al., 2015). SO2
concentrations when deliberately recovered from the point sources to co-inject with CO2 can vary
between 0.15 to 2% by volume (Apps, 2006).
Solubility of SO2 in water/brine as well as phase behavior of CO2-SO2-brine mixture have
been studied earlier before the idea of geological carbon storage (Beuschlein & Simenson, 1940;
Holland, 1965; Möller, 1980; Goldberg & B. Parker, 1985; Sayegh & Najman, 1987). However,
Islam and Chakma (1993) were among the first to do numerical simulations to understand the
effect of SO2 co-injection on geological carbon sequestration. They have modeled the effect of
impurities on CO2 storage in depleted oil and gas fields. One of the key parts of the study was to
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understand the effect of impurities on the miscibility of CO2 in oil. Since then, several other
numerical and experimental studies have been conducted to understand the effect of impurities
on geological carbon storage (Perkins & Gunter, 1995; Knauss et al., 2005; Nogueira & Mamora,
2005; Palandri et al., 2005; Xu et al., 2007; Crandell et al., 2010; Ellis et al., 2010; Kaszuba et
al., 2011; Kummerow & Spangenberg, 2011; Chopping & Kaszuba, 2012; Garcia et al., 2012;
Wilke et al., 2012; Ziabakhsh-Ganji & Kooi, 2012; Corvisier et al., 2013; Nicot et al., 2013;
Ovaysi & Piri, 2013; Waldmann et al., 2013; Miri et al., 2014; Renard et al., 2014; Akbarabadi &
Piri, 2015; Dawson et al., 2015; Erickson et al., 2015; Min et al., 2015; Pearce et al., 2015;
Talman, 2015; de Dios et al., 2016; Waldmann & Rütters, 2016; Wang et al., 2016; Todaka &
Xu, 2017; Wolf et al., 2017; Aminu et al., 2018; Amshoff et al., 2018; Hedayati et al., 2018; Vu
et al., 2018; Spycher et al., 2019).
Perkins and Gunter (1995) and Gunter et al. (2000) have studied the co-injection of SO2
and H2S in carbonate and sandstone formations. However, they have not included transport in
their studies. A majority of the studies to understand the impact of impurities involving SO2 have
either conducted batch experiments or geochemical simulations without considering the transport
or hydrodynamics of CO2-SO2-brine system (Nogueira & Mamora, 2005; Kaszuba et al., 2011;
Chopping & Kaszuba, 2012; Wilke et al., 2012; Corvisier et al., 2013; Waldmann et al., 2013;
Renard et al., 2014; Erickson et al., 2015; Waldmann & Rütters, 2016; Amshoff et al., 2018; Vu
et al., 2018). These studies have predicted formation of sulfuric acid and further acidification of
brine as compared to pure CO2. However, there are variations in the magnitude of acidification
reported in the studies due to differences in mineralogy (other than carbonates) and initial
speciation of brine.
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There are a limited number of studies that have considered flow and reactive transport
simulations to study CO2-SO2-brine-rock system (Knauss et al., 2005; Xu et al., 2007;
Waldmann & Rütters, 2016; Thaysen et al., 2017; Todaka & Xu, 2017; Wolf et al., 2017;
Hedayati et al., 2018; Spycher et al., 2019). Knauss et al. (2005) have used single phase aqueous
flow model in 1-D radial geometry in a sandstone formation. The study predicted the higher
precipitation of anhydrite in case of SO2 co-injection (as aqueous phase) as compared to H2S. Xu
et al. (2007) have used 2-dimensional radial geometry to simulate SO2 (~2.5 % by weight) as
well as H2S (~1.3 % by weight) co-injection into a deep saline aquifer. However, Xu et al.
(2007) have not co-injected the impurities as a gas phase, instead they have considered coinjecting brine with equivalent mass of trace gases already dissolved into it. This is not the
realistic scenario as solubility of the co-contaminant gas species in brine under the relevant
temperature and pressure conditions is not accounted for when assuming them in aqueous phase.
Similarly, Todaka and Xu (2017) have considered impurities (SO2, NO2, and O2) as dissolved
aqueous species while co-injecting. Thaysen et al. (2017) have reported the dissolution of calcite
and precipitation of anhydrite after SO2 co-injection (0.4 % volume) in the formation comprising
limestone, sandstone, and marl sediments.
Significant development was done by Spycher et al. (2019) and Wolf et al. (2017) who
have considered the co-injected impurities in gas phase. Except Spycher et al. (2019) other
studies have been conducted for homogeneous (laterally or fully) formations. Spycher et al.
(2019) have showed the channeling of flow (plume migration) due to fineness of mesh in a
heterogeneous formation. This study has also reported higher solubilities of the impurities under
reservoir conditions. However, all the reactive transport studies including Spycher et al. (2019)
are site specific (Surat basin, Queensland, Australia) and don’t present a generic
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model/correlation of how changes in the concentrations of impurities changes the mineralogy
and chemistry of a formation. Spycher et al. (2019) have considered a relatively lower injection
rate of 1.9 kg/s and injection period of 3 years, which is not a realistic scenario for large scale
geological carbon storage. Also, to the best of my knowledge, nobody has evaluated the impact
of sensitivities among layers (minerals, porosity, and permeability) while modeling the effect of
heterogeneity in CO2-SO2-brine-rock system.
The goal of this chapter is to evaluate the impact of CO2-SO2 co-injection on geological
carbon storage (large scale) in limestone-dolomitic formations, accounting for both transport and
geochemistry. Specially, this study aims to quantitatively assess the effect of SO2 concentration
in injected CO2 on a) the magnitude of dissolution of carbonate minerals (calcite and dolomite)
and precipitation of anhydrite, b) changes in porosity of the formation, and c) solubility trapping
of CO2. These objectives will be completed while considering the impact of sensitivities in flow
properties (porosity, permeability, mineralogy, and layer thickness). Also, pH change due to
higher acidification (formation of sulfuric acid) of brine will be estimated. After these findings,
the possibility of CO2-SO2 co-injection can be evaluated. For example, is the magnitude of
changes in porosity of the formation due to SO2 co-injection is acceptable. The study can further
evaluate the quantity of SO2 which can be co-injected with CO2 in carbonate repositories and can
help us to determine if we need to remove SO2 from the flue gas completely before the injection.
5.2 Methodology
The objectives of the study were achieved by performing simulations of supercritical CO2
injection into ten different realizations (table 5.1 – 5.10) of deep saline aquifers comprised of
calcite (CaCO3), dolomite (MgCa(CO3)2), and anhydrite (CaSO4). All ten cases are modeled to
represent the realistic reservoir conditions pertaining to geological carbon storage in deep saline
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formations. Simulations were performed using TOUGHREACT 3.3 with the ECO2N module
(Pruess & Spycher, 2007; Xu et al., 2014), provided by Lawrence Berkeley National Laboratory
(https://tough.lbl.gov/software/toughreact). Simulations were conducted using different values of
the SO2 mole fraction for each realization, and model outputs from the different simulations were
reported to determine how SO2 co-injection affects the CO2 sequestration.
5.2.1 Geology of the Simulated Domain
All the 10 cases of simulated aquifer used in this study was presumed to be located at a
depth of approximately 2750 m below ground surface, and the temperature and pressure of all
the formations were chosen accordingly (75 °C and 386 bar, respectively). In all the ten cases,
the total thickness of the injection zone was 69.5 m, which comprised 11 distinct layers.
Thickness of the each layer in all 10 cases were generated randomly using rand() in MS-Excel
2016. However, total thickness of bottom 6 layers were kept constant at 38.7 m for all the ten
cases. This was done to facilitate the consistency in total screened length of the well (bottom 6
layers were screened), used for CO2-SO2 co-injection. After randomly assigning thickness of the
layers in all cases, the mineralogy of each layer was randomly assigned. Each layer can be either
dolomitic or calcitic with equal probability (using MS-Excel 2016). In each dolomitic layer, 93%
dolomite, 6% anhydrite, and 1% calcite by volume are present. In each calcitic layer, there is
94% (volume) calcite and 6% anhydrite (volume). After randomly assigning the mineralogy of
the layers for all ten cases, porosity is randomly assigned for each dolomitic and calcitic layers.
For dolomitic layers, porosity from 0.10 to 0.20 is randomly assigned with uniform probability
using MS-Excel 2016. For each calcitic layer, the porosity is randomly generated in the range of
0.05 to 0.15 using MS Excel 2016. Higher range of porosity in dolomitic layers are consistent
with the Dollar Bay case discussed in previous chapters (Roberts-Ashby & Ashby, 2016).
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For computing the permeability of each layer in all ten cases, an analytical model for
porosity-permeability relationship in carbonate rocks, developed by Erol et al. (2017) has been
used. According to the model, permeability for carbonate rocks can be computed using following
correlation.
horizontal permeability (m2) = (4.4756 × 10-6) × porosity8.537

(5.1)

This correlation has been verified using field data from Lucia (1995, 2007). Interbedding
of thin layers of low-permeability anhydrite within each carbonate layer results in anisotropy,
i.e., the horizontal permeability of the layers is greater than the vertical permeability. A
permeability ratio of 10 is assumed for all ten cases in this study. Mineralogical and
hydrological properties for the 10 simulated domains are given in table 5.1 to 5.10.
5.2.2 Domain Discretization
For all ten cases, the simulated domain is assumed to be radially symmetrical around a
central CO2 injection well. Therefore, vertical heterogeneity (layering) is accounted for, but
horizontal heterogeneity within each layer is neglected. This enables simulations to be
conducted in two dimensions (r and z) rather than three dimensions (x, y, and z). The simulation
domain is discretized into 22 vertical layers (each of the 11 layers is discretized into two sublayers of equal thickness) and 130 radial columns. The total radius of the simulated domain is 10
km. The radial discretization is finer (~5 m) near the injection well and coarser (~100 m) farther
away from the injection well.
5.2.3 Brine Composition and Chemistry
It is assumed that, before CO2-SO2 injection begins, the brine in the deep saline aquifer is
in equilibrium with the rock minerals comprising the aquifer. Also, it is assumed that the initial
pH of the brine is 7.0. Based on these assumptions, the ions present in the brine are H+, OH–,

84

Ca2+, Mg2+, Na+, Cl–, SO42–, HCO3–, CO32–, and aqueous complexes of these major ions. By
specifying the temperature (75 °C), pressure (386 bar), pH (7.0), and salinity of the formation (5
% w/w NaCl), TOUGHREACT is able to estimate the initial aqueous composition of the brine
that would be in equilibrium with the three minerals (calcite, dolomite, anhydrite) comprising the
formation (table 5.12). This represents the initial condition of the domain at the onset of the CO2
injection.
For each realization in this study four cases with mole fractions of 0%, 0.15%, 1%, and
2% SO2 were co-injected with CO2. Basically, the first simulation for all ten realizations is pure
CO2 injection. The range of mass of SO2 co-injected in this study reflects typical flue gas
compositions when deliberately captured to co-inject with CO2 for geological carbon storage
(Apps, 2006). Also, most of the simulations in the previous studies fall within the range (Xu et
al., 2007; Thaysen et al., 2017; Wolf et al., 2017; Hedayati et al., 2018).
During the simulations, geochemical calculations were performed by TOUGHREACT
using thermodynamic data from Blanc et al. (Blanc et al., 2007). This thermodynamic database
was selected because it includes the minerals calcite, dolomite, and anhydrite. Also, the database
is capable of modeling disproportionation reactions involving SO2 (equation 5.4).
5.2.4 Simulation of CO2 Injection
For this study, the co-injection of supercritical CO2-SO2 has been simulated at a constant
rate of 32 kg/s via a single injection well under the conditions listed in table 5.11. The injection
well is assumed to be partially screened across the bottom 6 layers of the formation. Injecting
the gases (CO2 and SO2) in only the bottom half of the formation was selected because
supercritical CO2/SO2 is less dense than brine and will therefore tend to rise towards the top of
the formation once injected. Total injection rate (32 kg/s) across the bottom six layers were

85

distributed in the ratio of transmissivity of the layers. The CO2-SO2 co-injection was carried out
for 50 years (a total of 50 million tons of the gases were injected). For each realization, four
simulations were conducted, corresponding to the four values of SO2 mole fractions (0%, 0.15%,
1%, and 2%).
5.2.5 Simulation Outputs and Metrics of Performance
At the end of the 50-year simulation, the following parameters were measured at each
grid block in the discretized domain: (i) gas saturation, (ii) pH of brine, (iii) mass of supercritical
CO2 dissolved in the brine phase, (iv) mass of minerals that have either dissolved or precipitated,
and (v) changes in porosity (due to mineral precipitation/dissolution).
The total changes in mass of the minerals in a specific volume will be calculated using
the above data. Further, weighted average porosity change has been calculated as follows:
weighted average porosity change = ⅀(porosity change × Volume)/ ⅀(volume)

(5.2).

Porosity change in each grid block is multiplied by the volume of the respective grid block then
after adding the product, it is divided by the total volume of respective grid blocks.
5.3 Results and Discussion
5.3.1 Gas Saturation or Migration of CO2/SO2 Plume
In this study, pure CO2 as well as three different mixtures of CO2-SO2 (0.15, 1, and 2
mole % of SO2) were co-injected for 50 years in a single partially screened injection well. Ten
such cases were examined. All ten cases have 11 layers totaling 69.5 meters of thickness,
comprising calcite, dolomite, and anhydrite. However, the number of calcitic and dolomitic
layers were different in each case and were assigned randomly. Also, porosity and permeability
of each layers were different in each case and were assigned randomly according to the mineral
composition of the specific layer.
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Results shown in figure 5.1 therefore display the predicted shapes of the CO2+SO2 plume
in (r, z) coordinates from the 2nd realization. In figure 5.1, “vertical position” means vertical
position within the injection zone, which is located approximately 2.75 km below ground
surface; i.e., a vertical position of 0 corresponds to the top of the injection zone, not to ground
surface; a vertical position of –69.5 m corresponds to the bottom of the injection zone.
As the gas mixture (CO2+SO2) displaces the brine, the plume moves radially as well as in
upward direction due to buoyancy. The gas saturation plot (figure 5.1) reports the saturation of
CO2+SO2 mixture spatially across each layer. Near the injection well, higher saturation indicates
the gas mixture have displaced higher amount of brine. In fact, closest to the well where
saturation is close to 1, indicates complete “dry out” (Pruess & Müller, 2009). Moving further
from the well radially, the saturation decreases and becomes zero at r = 3391 meters. Also, layers
with higher permeability show greater extent of plume migration. The extent of plume migration
may have some contribution from the buoyancy driven flow, which may be more dominant in
top layers than the bottom ones. The plume migration of CO2+SO2 mixture is consistent with the
other studies showing buoyancy driven flow (Wolf et al., 2017; Spycher et al., 2019).
5.3.2 Effect of CO2-SO2 Co-injection on Solubility Trapping of CO2
After injection of CO2+SO2, the gases partially dissolve in the native brine, which is also
referred as solubility trapping. Solubility trapping of the gas mixtures are more favored as
compared to residual and capillary trapping where the injected gases remain in gas phase either
mobilized or immobilized (Benson & Cole, 2008). Figure 5.2 shows the concentration of
dissolved CO2 for all cases of SO2 (0%, 0.15%, 1%, and 2%) pertaining to mineralogy in table
5.2. The four panels in the figure differ only in terms of amount of SO2 co-injected, which is
negligible to amount of CO2 (>98%) injected. Therefore, there is almost no difference in terms of
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CO2 concentration (among the four plots in the figure) which is approximately 50 g/kg of H2O
across the formation until CO2 plume have reached out.
Figure 5.3 shows total solubility trapping of CO2 after 50 years of injection. The total
amount of CO2 trapped in aqueous phase across all the cases of SO2 and among all ten
realizations is ~7 million metric tons (figure 5.3), which is ~14% of total injected CO2 (50.45
million metric tons). Standard deviation or error bar in the plot represents the differences among
10 realizations. The error bar or standard deviation is due to differences in number of
calcitic/dolomitic layers and their respective permeability. The standard deviation around 10%
indicates that the heterogeneity among the layers doesn’t have a strong effect on solubility
trapping of CO2. Also, as evident from figure 3, solubility trapping of CO2 doesn’t depend on
mole % SO2 co-injected.
5.3.3 Effect of CO2-SO2 Co-injection on pH
When CO2 and SO2 are injected into the formation brine and reacts with water, they form
carbonic acid and sulfuric acid respectively (Knauss et al., 2005; Xu et al., 2007; Todaka & Xu,
2017; Wolf et al., 2017; Spycher et al., 2019).
CO2 (g) + H2O  

H+ + HCO3-

4 SO2 (g) + 4 H2O   7H+ + 3SO42- + HS-

(5.3)
(5.4)

pH of the brine is plotted in figure 5.4. The four panels represent the four cases of
different amount of SO2 co-injected (0, 0.15, 1.0, and 2.0 % mole) after 50 years of injection. At
time = 0, the initial pH of the formation brine in all four cases was 7.0. The “No SO2” case in the
first panel of the figure represents pure CO2 injection i.e. no formation of sulfuric acid, where pH
of the formation brine dropped to nearly 4.8. However, the SO2 co-injection is introduced in the
second panel (0.15% mole), the deeper shade of blue is visible beyond the dry out zone
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expanding to nearly 100 meters from the injection well across the layers near the screened part of
the injection well, indicating a pH close to 4.1 on the color bar. The further drop in pH (from 4.8
in case of pure CO2) indicates the dissolution of SO2 in brine forming sulfuric acid. As the
concentration of SO2 is increased to 1 mole % and 2 mole % in panel 3 and panel 4 respectively,
the outreach of lower pH zone extended further radially as well as vertically. In case of 1%, it
reaches out to approximately 500 meters whereas for 2% it reaches out to approximately 1000
meters. This also indicates the migration of SO2 plume, which was not distinguishable from the
CO2 plume in the gas saturation plot (figure 5.1). In all four panels of figure 5.4, the magnitude
of pH drop due to inclusion of SO2 co-injection remains constant, only the spatial distribution of
the SO2 plume changes.
5.3.4 Effect of CO2-SO2 Co-injection on Dissolution and Precipitation of Minerals
Acidification of brine causes dissolution of calcite and dolomite (figure 5.5 & figure 5.6)
and precipitation of anhydrite (figure 5.7). Dissolution of SO2 forms sulfuric acid which is a
stronger acid (better protonation ability) than carbonic acid formed by dissolution of CO2. Due to
strong acidification of brine in the zone of SO2 plume outreach, the severity of dissolution is
much higher where SO2 plume reached out. Dissolution of calcite in panel 1 of figure 5.5 shows
the dissolution of calcite across the layers in the order of 10-1 (kg/m3). The variations in the
magnitude among the layers varies according to the porosity and permeability (flow
heterogeneity) and mineral composition of the layers (Todaka & Xu, 2017; Wolf et al., 2017;
Spycher et al., 2019). However, as we compare the results from panel 2, 3, and 4 with panel 1 of
figure 5.5, the magnitude of dissolution of calcite (kg/m3 of medium) is nearly 50 times higher
where the SO2 plume is able to reach out (pH dropped to 4.1). Similarly, dissolution of dolomite
(kg/m3 of medium) in figure 5.6 indicates 30 times higher dissolution of dolomite in the SO2
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outreach zones (panel 2, 3, and 4 of the figure) discussed in section 5.3.3. However, anhydrite
precipitates due to acidification of brine and introduction of SO42- by equation 5.4 (figure 5.7).
The precipitation of anhydrite (kg/m3 of medium) in case of pure CO2 injection (panel 1 of figure
5.7) is in order of 10-1. In case of CO2-SO2 co-injection (panel 2, 3, and 4 of figure 5.7), the
magnitude of precipitation (kg/m3 of medium) is in order of 101 or 100 times higher than that of
pure CO2. The magnitude of changes in mineralogy for anhydrite is strongest among three
minerals. Again, the changes in mineralogy for all three minerals shows considerable
dependence on permeability of the individual layers.
Figure 5.8 shows total dissolved mass for carbonate minerals calcite and dolomite as well
as total precipitated mass for anhydrite plotted versus concentration of co-injected SO2 (mole %)
for all ten realizations after 50 years of injection. The magnitude of standard deviation doesn’t
show a significant variations in the total mass of precipitated/dissolved minerals and hence, it
doesn’t suggest any significant effect on geochemical changes in the formation due to the
heterogeneity in the realizations. Figure 5.8 shows a very strong dependence of changes in
mineralogy on amount of SO2 co-injected. As SO2 mole % in the injected stream increases, the
total dissolved amount (in kg) of calcite and dolomite increases linearly. Similarly, the total
precipitated anhydrite increases linearly with increase in SO2 mole %. Hence, a correlation
between SO2 concentration and amount of minerals dissolved or precipitated can be proposed as
follows:
total amount of dissolved calcite (kg) is 7.3266×108×(mole % of SO2)+3.7207×108

(5.5)

total amount of dissolved dolomite (kg) is 1.2836×108×(mole % of SO2)+1.4118×108

(5.6)
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total amount of precipitated anhydrite (kg) is 1.0216×109×(mole % of SO2)+2.6456×108 (5.7)
where total amount of dissolved or precipitated minerals corresponds to the overall changes
including in CO2 outreach zones.
The correlations in eq. 5.5, 5.6, and 5.7 strongly support that with increase in SO2
concentration the anhydrite precipitates more rapidly (highest slope) followed by dissolution of
calcite and dolomite respectively. The slope and y-intercept in the above equations are subjected
to the rate of injection of gases, injection period and initial brine speciation, and other simulation
parameters as listed in table 5.1 to 5.10.
5.3.5 Effect of CO2-SO2 Co-injection on Changes in Porosity
Dissolution of minerals increases the porosity of a formation whereas precipitation of
minerals decreases it. In this case, calcite and dolomite dissolve whereas anhydrite precipitates as
discussed in the previous section 5.3.4. Figure 5.9 shows spatial distribution of porosity change
for 2nd realization (table 5.2). Comparing the plots in panel 2, 3, and 4 representing 0.15, 1, and 2
mole % of SO2 with panel 1 (pure CO2) in figure 5.9, it is evident that precipitation of anhydrite
dominates the dissolution of carbonate minerals resulting into a decrease in porosity in SO2
outreach zones, which is not the case for pure CO2 (panel 1) where dissolution of carbonate
minerals dominate the precipitation of anhydrite. The magnitude of porosity change (in SO2
outreach zones) due to the co-injection of SO2 is in the range of 0.001-0.005 which is less than
10% of the original porosity for all the layers (minimum initial porosity is 0.05). The spatial
distribution of porosity (interlayer variations) is also indicative of effect of heterogeneities across
the 11 layers.
The weighted average porosity change for all ten cases of heterogeneity after 50 years of
injection is plotted in figure 5.10 along with the standard deviation among all ten test cases. The
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weighted average porosity is calculated by adding the changes in pore volume across all the grids
divided by total volume of the grids as given in equation (5.2). Figure 5.10 indicates a net
increase in overall porosity of the repositories on the other hand SO2 co-injection causes a net
decrease in the porosity as reported in figure 5.9. As seen in figure 9, the spatial distribution of
CO2 plume goes much further as compared to the SO2 plume, which makes the volume of CO2
outreach zones much higher than SO2 outreach zones. That’s why weighted average porosity
change is indicative of an increase in porosity.
Correlation between SO2 concentration and weighted average change in porosity for this
study is given below:
changes in weighted average porosity = -2.216×10-5× (mole % of SO2) +7.4473×10-5

(5.8)

which corresponds to net changes in the aquifer.
Negative slope indicates decrease in porosity with increase in concentration of SO2 in injection
stream. The correlations in eq. 5.5 to 5.8 give a qualitative as well as quantitative approach about
the behavior of minerals and porosity change as a function of SO2 concentration.
5.4 Conclusions
SO2 is readily soluble in native brine causing higher acidification due to formation of
sulfuric acid. TOUGHREACT 3.3 predicts stronger geochemical changes near the injection well
where SO2 was able to reach out. The magnitude of dissolution of carbonate minerals in SO2
outreach zone were significantly higher as compared with pure CO2 outreach zones. Also, SO2
induces strong anhydrite precipitation, causing net decrease in porosity of the formation in SO2
outreach zones. The decrease in porosity may impact the flow of the injected gases over the time.
This is the first study to model the changes in mineralogy and porosity as a function of SO2
concentration in injected stream, which can be useful to optimize the concentration of SO2 to be
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co-injected along with CO2 for better mobility of the injected gas stream in order to maximize
the storage of the formation. Also, the study has been tested for sensitivities in geochemical
changes due to variations in porosity, permeability, and layer thickness. For limestone-dolomitic
formation and reservoir conditions pertaining to geological carbon storage, the geochemical
models reported by the study showed good consistency (standard deviation within 5%).
Based on the study, it can be concluded that co-injecting SO2 (up to 2 mole %) with CO2
in carbonate formations seems promising as it will reduce the cost associated with the carbon
capture and storage process as compared to purifying CO2 stream before the injection. However,
the decrease is porosity near the well should be evaluated and analyzed before commissioning a
long term geological storage project. With decrease in porosity near the injection well, it will
cost more to maintain the constant injection rate.
The results from the study also indicate that SO2 can be successfully co-injected in the
gas phase which offers more convenience and cuts the cost as compared to pure CO2 injection, as
flue gas stream with SO2 can be directly compressed and injected into the repositories.
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Table 5.1 Physical and chemical properties of the layers for case 1 of the modeled reservoir.

1

7.55

Calcite
volume
fraction
0.01

0.19

Vertical
Permeability
(m2)
3.1×10–13

2

3.07

0.94

0.00

0.06

0.13

1.2×10–14

1.2×10–13

3

10.97

0.94

0.00

0.06

0.13

1.2×10–14

1.2×10–13

4

5.4

0.94

0.00

0.06

0.09

5.3×10–16

5.3×10–15

5

3.79

0.94

0.00

0.06

0.09

5.3×10–16

5.3×10–15

6

9.06

0.01

0.93

0.06

0.16

7.2×10–14

7.2×10–13

7

4.81

0.01

0.93

0.06

0.14

2.3×10–14

2.3×10–13

8

7.81

0.94

0.00

0.06

0.09

5.3×10–16

5.3×10–15

9

3.15

0.01

0.93

0.06

0.20

4.8×10–13

4.8×10–12

10

0.61

0.01

0.93

0.06

0.11

2.9×10–15

2.9×10–14

11

13.27

0.94

0.00

0.06

0.10

1.3×10–15

1.3×10–14

Layer

Thickness
(m)

Dolomite
volume
fraction
0.93

Anhydrite
volume
fraction
0.06

Porosity

Horizontal
Permeability
(m2)
3.1×10–12
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Table 5.2 Physical and chemical properties of the layers for case 2 of the modeled reservoir.
Layer

Thickness
(m)

1

10.22

Calcite
volume
fraction
0.94

Dolomite
volume
fraction
0.00

Anhydrite
volume
fraction
0.06

0.06

Vertical
Permeability
(m2)
1.7×10–17

Horizontal
Permeability
(m2)
1.7×10–16

2

4.69

0.94

0.00

0.06

0.15

4.1×10–14

4.1×10–13

3

7.99

0.01

0.93

0.06

0.20

4.8×10–13

4.8×10–12

4

4.32

0.94

0.00

0.06

0.06

1.7×10–17

1.7×10–16

5

3.57

0.94

0.00

0.06

0.08

1.9×10–16

1.9×10–15

6

14.16

0.01

0.93

0.06

0.16

7.2×10–14

7.2×10–13

7

7.18

0.01

0.93

0.06

0.18

2.0×10–13

2.0×10–12

8

0.69

0.01

0.93

0.06

0.12

6.2×10–15

6.2×10–14

9

2.17

0.01

0.93

0.06

0.14

2.3×10–14

2.3×10–13

10

1.65

0.94

0.00

0.06

0.07

6.2×10–17

6.2×10–16

11

12.87

0.94

0.00

0.06

0.14

2.3×10–14

2.3×10–13

Porosity
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Table 5.3 Physical and chemical properties of the layers for case 3 of the modeled reservoir.
Layer

Thickness
(m)

1

6.66

Calcite
volume
fraction
0.01

Dolomite
volume
fraction
0.93

Anhydrite
volume
fraction
0.06

0.12

Vertical
Permeability
(m2)
6.2×10–15

Horizontal
Permeability
(m2)
6.2×10–14

2

6.08

0.01

0.93

0.06

0.18

2.0×10–13

2.0×10–12

3

7.39

0.01

0.93

0.06

0.13

1.2×10–14

1.2×10–13

4

7.48

0.01

0.93

0.06

0.19

3.1×10–13

3.1×10–12

5

3.18

0.94

0.00

0.06

0.06

1.7×10–17

1.7×10–16

6

12.68

0.01

0.93

0.06

0.11

2.9×10–15

2.9×10–14

7

0.56

0.01

0.93

0.06

0.20

4.8×10–13

4.8×10–12

8

8.31

0.94

0.00

0.06

0.06

1.7×10–17

1.7×10–16

9

0.23

0.01

0.93

0.06

0.17

1.2×10–13

1.2×10–12

10

11.79

0.01

0.93

0.06

0.16

7.2×10–14

7.2×10–13

11

5.15

0.01

0.93

0.06

0.14

2.3×10–14

2.3×10–13

Porosity

96

Table 5.4 Physical and chemical properties of the layers for case 4 of the modeled reservoir.
Layer

Thickness
(m)

1

5.69

Calcite
volume
fraction
0.01

Dolomite
volume
fraction
0.93

Anhydrite
volume
fraction
0.06

0.17

Vertical
Permeability
(m2)
1.2×10–13

Horizontal
Permeability
(m2)
1.2×10–12

2

8.03

0.94

0.00

0.06

0.11

2.9×10–15

2.9×10–14

3

7.77

0.94

0.00

0.06

0.09

5.3×10–16

5.3×10–15

4

7.38

0.01

0.93

0.06

0.16

7.2×10–14

7.2×10–13

5

1.91

0.01

0.93

0.06

0.14

2.3×10–14

2.3×10–13

6

8.01

0.01

0.93

0.06

0.10

1.3×10–15

1.3×10–14

7

10.93

0.01

0.93

0.06

0.12

6.2×10–15

6.2×10–14

8

7.95

0.01

0.93

0.06

0.16

7.2×10–14

7.2×10–13

9

0.07

0.01

0.93

0.06

0.12

6.2×10–15

6.2×10–14

10

9.7

0.01

0.93

0.06

0.10

1.3×10–15

1.3×10–14

11

2.06

0.01

0.93

0.06

0.18

2.0×10–13

2.0×10–12

Porosity
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Table 5.5 Physical and chemical properties of the layers for case 5 of the modeled reservoir.
Layer

Thickness
(m)

1

5.00

Calcite
volume
fraction
0.01

Dolomite
volume
fraction
0.93

Anhydrite
volume
fraction
0.06

0.10

Vertical
Permeability
(m2)
1.3×10–15

Horizontal
Permeability
(m2)
1.3×10–14

2

8.64

0.94

0.00

0.06

0.06

1.7×10–17

1.7×10–16

3

5.00

0.01

0.93

0.06

0.14

2.3×10–14

2.3×10–13

4

5.12

0.01

0.93

0.06

0.1

1.3×10–15

1.3×10–14

5

7.03

0.01

0.93

0.06

0.15

4.1×10–14

4.1×10–13

6

4.79

0.94

0.00

0.06

0.12

6.2×10–15

6.2×10–14

7

7.18

0.94

0.00

0.06

0.15

4.1×10–14

4.1×10–13

8

8.41

0.01

0.93

0.06

0.10

1.3×10–15

1.3×10–14

9

1.22

0.01

0.93

0.06

0.18

2.0×10–13

2.0×10–12

10

11.48

0.01

0.93

0.06

0.15

4.1×10–14

4.1×10–13

11

5.64

0.01

0.93

0.06

0.12

6.2×10–15

6.2×10–14

Porosity
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Table 5.6 Physical and chemical properties of the layers for case 6 of the modeled reservoir.
Layer

Thickness
(m)

1

5.89

Calcite
volume
fraction
0.01

Dolomite
volume
fraction
0.93

Anhydrite
volume
fraction
0.06

0.15

Vertical
Permeability
(m2)
4.1×10–14

Horizontal
Permeability
(m2)
4.1×10–13

2

11.91

0.94

0.00

0.06

0.11

2.9×10–15

2.9×10–14

3

3.88

0.01

0.93

0.06

0.17

1.2×10–13

1.2×10–12

4

1.76

0.01

0.93

0.06

0.14

2.3×10–14

2.3×10–13

5

7.35

0.94

0.00

0.06

0.15

4.1×10–14

4.1×10–13

6

11.34

0.01

0.93

0.06

0.13

1.2×10–14

1.2×10–13

7

2.59

0.94

0.00

0.06

0.09

5.3×10–16

5.3×10–15

8

8.98

0.01

0.93

0.06

0.11

2.9×10–15

2.9×10–14

9

2.64

0.94

0.00

0.06

0.13

1.2×10–14

1.2×10–13

10

6.32

0.01

0.93

0.06

0.11

2.9×10–15

2.9×10–14

11

6.85

0.01

0.93

0.06

0.13

1.2×10–14

1.2×10–13

Porosity
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Table 5.7 Physical and chemical properties of the layers for case 7 of the modeled reservoir.
Layer

Thickness
(m)

1

7.90

Calcite
volume
fraction
0.94

Dolomite
volume
fraction
0.00

Anhydrite
volume
fraction
0.06

0.11

Vertical
Permeability
(m2)
2.9×10–15

Horizontal
Permeability
(m2)
2.9×10–14

2

3.64

0.94

0.00

0.06

0.15

4.1×10–14

4.1×10–13

3

6.20

0.94

0.00

0.06

0.06

1.7×10–17

1.7×10–16

4

6.84

0.94

0.00

0.06

0.08

1.9×10–16

1.9×10–15

5

6.19

0.94

0.00

0.06

0.14

2.3×10–14

2.3×10–13

6

8.74

0.01

0.93

0.06

0.13

1.2×10–14

1.2×10–13

7

5.30

0.94

0.00

0.06

0.12

6.2×10–15

6.2×10–14

8

9.11

0.01

0.93

0.06

0.10

1.3×10–15

1.3×10–14

9

7.34

0.94

0.00

0.06

0.07

6.2×10–17

6.2×10–16

10

6.83

0.94

0.00

0.06

0.13

1.2×10–14

1.2×10–13

11

1.40

0.01

0.93

0.06

0.12

6.2×10–15

6.2×10–14

Porosity
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Table 5.8 Physical and chemical properties of the layers for case 8 of the modeled reservoir.
Layer

Thickness
(m)

1

3.30

Calcite
volume
fraction
0.01

Dolomite
volume
fraction
0.93

Anhydrite
volume
fraction
0.06

0.12

Vertical
Permeability
(m2)
6.2×10–15

Horizontal
Permeability
(m2)
6.2×10–14

2

6.03

0.94

0.00

0.06

0.06

1.7×10–17

1.7×10–16

3

14.39

0.01

0.93

0.06

0.13

1.2×10–14

1.2×10–13

4

2.19

0.94

0.00

0.06

0.12

6.2×10–15

6.2×10–14

5

4.87

0.94

0.00

0.06

0.11

2.9×10–15

2.9×10–14

6

14.69

0.01

0.93

0.06

0.11

2.9×10–15

2.9×10–14

7

0.03

0.94

0.00

0.06

0.12

6.2×10–15

6.2×10–14

8

2.23

0.01

0.93

0.06

0.17

1.2×10–13

1.2×10–12

9

0.32

0.94

0.00

0.06

0.06

1.7×10–17

1.7×10–16

10

12.34

0.01

0.93

0.06

0.18

2.0×10–13

2.0×10–12

11

9.09

0.01

0.93

0.06

0.10

1.3×10–15

1.3×10–14

Porosity
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Table 5.9 Physical and chemical properties of the layers for case 9 of the modeled reservoir.
Layer

Thickness
(m)

1

11.40

Calcite
volume
fraction
0.94

Dolomite
volume
fraction
0.00

Anhydrite
volume
fraction
0.06

0.06

Vertical
Permeability
(m2)
1.7×10–17

Horizontal
Permeability
(m2)
1.7×10–16

2

8.51

0.94

0.00

0.06

0.13

1.2×10–14

1.2×10–13

3

0.44

0.94

0.00

0.06

0.13

1.2×10–14

1.2×10–13

4

2.89

0.01

0.93

0.06

0.17

1.2×10–13

1.2×10–12

5

7.54

0.94

0.00

0.06

0.10

1.3×10–15

1.3×10–14

6

11.61

0.01

0.93

0.06

0.11

2.9×10–15

2.9×10–14

7

15.37

0.01

0.93

0.06

0.17

1.2×10–13

1.2×10–12

8

1.14

0.94

0.00

0.06

0.13

1.2×10–14

1.2×10–13

9

0.31

0.94

0.00

0.06

0.05

3.5×10–18

3.5×10–17

10

7.06

0.94

0.00

0.06

0.10

1.3×10–15

1.3×10–14

11

3.22

0.94

0.00

0.06

0.07

6.2×10–17

6.2×10–16

Porosity
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Table 5.10 Physical and chemical properties of the layers for case 10 of the modeled reservoir.
Layer

Thickness
(m)

Calcite
volume
fraction

Dolomite
volume
fraction

Anhydrite
volume
fraction

Porosity

Vertical
Permeability
(m2)

Horizontal
Permeability
(m2)

1

10.22

0.94

0.00

0.06

0.13

1.2×10–14

1.2×10–13

2

8.29

0.01

0.93

0.06

0.17

1.2×10–13

1.2×10–12

3

0.81

0.01

0.93

0.06

0.19

3.1×10–13

3.1×10–12

4

9.07

0.94

0.00

0.06

0.05

3.5×10–18

3.5×10–17

5

2.39

0.94

0.00

0.06

0.13

1.2×10–14

1.2×10–13

6

6.70

0.01

0.93

0.06

0.18

2.0×10–13

2.0×10–12

7

9.16

0.01

0.93

0.06

0.20

4.8×10–13

4.8×10–12

8

9.41

0.94

0.00

0.06

0.09

5.3×10–16

5.3×10–15

9

2.14

0.01

0.93

0.06

0.11

2.9×10–15

2.9×10–14

10

3.10

0.01

0.93

0.06

0.12

6.2×10–15

6.2×10–14

11

8.20

0.94

0.00

0.06

0.15

4.1×10–14

4.1×10–13
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Table 5.11 Reservoir parameters and initial condition for studying the effect of CO2-SO2 co-injection on geological carbon storage.

Parameter/condition

Value

SO2 concentration (mole %)

0%, 0.15%, 1%, 2%

Temperature

75 °C

Initial pressure (top layer)

386 bar

Brine salinity (mass fraction NaCl)

5%

Injection rate

32 kg/s

Injection period

50 years

Total thickness of the layers

69.5 m

Radial distance

10,000 m

Initial pH

7.0
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Table 5.12 Initial brine composition (before injection) for reservoir parameters given in table 5.11. The initial composition is
calculated using thermodynamic database by Blanc et al. (2007).

Primary aqueous

Concentration (in

Activity

species

mol/kg of water)

coefficient

H+

5.52581×10-6

6.48527×10-1

Ca2+

2.84437×10-2

1.37977×10-1

Mg2+

9.82997×10-3

1.38717×10-1

Na+

8.55569×10-1

6.44072×10-1

HCO3-

8.69269×10-4

6.47200×10-1

SO4-

3.78424×10-2

1.43256×10-1

Cl-

8.55569×10-1

6.50983×10-1

O2 (aq)

3.36124×10-39

1.00000
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Figure 5.1 Effect of SO2 co-injection on gas saturation after 50 years of CO2-SO2 co-injection for 2nd realization (table 5.2). Injection
well is located at radius r = 0. Near the injection well, gas saturation is close 1, indicating a “dry out” zone.
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Figure 5.2 Effect of SO2 co-injection on concentration of CO2 (aq) in g/kg of H2O, after 50 years of injection for 2nd realization (table
5.2). Injection well is located at radius r = 0.

107

Figure 5.3 Total dissolved mass of CO2 or CO2 (aq) after 50 years of injection (32 kg/s of injection rate) is plotted versus mole % of
SO2 injected. Error bars indicate standard deviation among 10 cases.
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Figure 5.4 Effect of SO2 co-injection on pH after 50 years of CO2-SO2 co-injection for 2nd realization (table 5.2). Injection well is
located at radius r = 0. The dark blue zone (pH close to 4) is easily distinguishable, indicating outreach of SO2 plume in all three cases.
Thin dark blue near the injection well in first panel is because of dry out.
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Figure 5.5 Effect of SO2 co-injection on dissolution of calcite after 50 years of injection for 2nd realization (table 5.2). Injection well is
located at radius r = 0. Changes in calcite is in kg/m3 of medium. The scale (colorbar) in case of pure CO2 is nearly 50 times lower,
when comparing the dissolution of calcite with SO2 case (rest of the plots), it seems negligible (no visible changes).
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Figure 5.6 Effect of SO2 co-injection on dissolution of dolomite after 50 years of injection for 2nd realization (table 5.2). Injection well
is located at radius r = 0. Changes in dolomite is in kg/m3 of medium. The scale (colorbar) in case of pure CO2 is nearly 30 times
lower, when comparing the dissolution of dolomite with SO2 case (rest of the plots), it seems negligible (no visible changes).
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Figure 5.7 Effect of SO2 co-injection on precipitation of anhydrite after 50 years of injection for 2nd realization (table 5.2). Injection
well is located at radius r = 0. Changes in anhydrite is in kg/m3 of medium. The scale (colorbar) in case of pure CO2 is nearly 100
times lower, when comparing the precipitation of anhydrite with SO2 case (rest of the plots), it seems negligible (no visible changes).
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Figure 5.8 Total dissolved mass of calcite, dolomite, and total precipitated mass of anhydrite is plotted versus mole fraction of SO2 coinjected with CO2. Error bars indicate standard deviation among 10 cases.
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Figure 5.9 Effect of SO2 co-injection on changes in porosity after 50 years of CO2-SO2 co-injection for 2nd realization (table 5.2).
Injection well is located at radius r = 0. The changes in porosity for pure CO2 is less (plot in the first quadrant) as compared to the
CO2-SO2 co-injection cases (rest of the three plots).
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Figure 5.10 Weighted average changes in porosity of all ten cases is plotted versus mole fraction of SO2 co-injected with CO2. Error
bars indicate standard deviation among 10 cases.
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Chapter 6: Effect of SO2-NO2 Co-injection on Geological Carbon Storage
6.1 Introduction
NO2 is a significant and common impurity in flue gas captured from point sources (Porter
et al., 2015; Poullikkas, 2015; Rezaei et al., 2015). Similar to SO2, removal of NO2 from the flue
gas is expensive (DiPietro et al., 2011; Rezaei et al., 2015) and hence, as compared to injecting
pure CO2, co-injecting NO2 with CO2 is expected to bring down the cost associated with the
carbon capture and storage process (CCS). However, NO2 forms nitric acid when co-injected
with CO2 in brine under the conditions of geological carbon storage (Todaka & Xu, 2017).
Hence, it is necessary to understand the impact of geochemical changes in the formation due to
the co-injection of acid gases like SO2 and NO2.
Previous studies to evaluate the impact of impurities in geological carbon sequestration
have widely covered SO2 as discussed in chapter 5 of this dissertation (Knauss et al., 2005; Xu et
al., 2007; Lachet et al., 2009; Ellis et al., 2010; Miri et al., 2014; Wolf et al., 2016; Hedayati et
al., 2018). Studies related to changes in the geochemistry of repositories due to CO2-NO2 coinjection are more limited (Park & Lee, 1988; Tan & Piri, 2013; Haese et al., 2016; Todaka &
Xu, 2017; Wolf et al., 2017; Aminu et al., 2018; Vu et al., 2018; Spycher et al., 2019). Park and
Lee (1988) and Tan and Piri (2013) have presented the solubility and kinetics of NO2 dissolution
in water. Haese et al. (2016) have studied the impact of SO2, NO2, and O2 on fluid-rock
interactions in the condition of geological carbon storage at Otway storage site in Australia
(Haese et al., 2016). However, the study doesn’t consider the flow and transport while evaluating
the geochemical changes of the formation. Similarly, field experiments by Vu et al. (2018) don’t
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include flow and transport of the injected gases while reporting the effect of the impurities on
mineral dissolution and precipitation. Todaka and Xu (2017) have considered the impurities in
aqueous phase while modeling the co-injection of the impurities in brine which may not reflect
the realistic conditions of co-injection the impurities. Wolf et al. (2017) have consider the
transport of trace gas species while modeling SO2-NO2 co-injection with CO2. The study have
considered mole fractions of 1% SO2, and 0.2% NO2 co-injection in a sandstone formation.
However, due to numerical instability the injection period were reduced to 6 years which may
not be realistic time period for large scale storage. Spycher et al. (2019) have used reactive
transport simulations, similar to Wolf et al. (2017) to report the impact of SO2-NO2-O2 coinjection on geological carbon storage at Surat Basin, Queensland, Australia. The model
considered 100 ppmv (parts per million by volume) of NO2 co-injection for 3 years at overall
injection rate of 1.9 kg/s. In this study, the injection rate and the duration of injection were
lowered in order to achieve the numerical stability.
To the best of my knowledge, none of the studies have considered a realistic case of
injection rate and injection period in the conditions of large-scale geological carbon storage
while modeling transport and geochemical reactions together. Also, none of the studies have
separately considered the impact of CO2-NO2 co-injection in the similar conditions as all of them
have included NO2 along with SO2. In this chapter, the goal is to a) evaluate the impact of CO2NO2 co-injection in a simulated reservoir conditions of limestone-dolomitic saline formation b)
evaluate the impact of CO2-SO2-NO2 co-injection in a simulated reservoir conditions of
limestone-dolomitic saline formation. The second goal will also include the assessment of the
relative ratio of NO2/SO2 for geological carbon sequestration. For both the goals, the study aims
to quantify the effect of NO2 and SO2-NO2 co-injection after 50 years of injection at total flow
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rate of 32 kg/s, followed by 50 years of no injection on 1) changes in pH and plume movement
of co-injected impurities 2) changes in mineralogy 3) changes in porosity 4) solubility trapping
of CO2. Taken together the findings will evaluate the feasibility of CO2-SO2-NO2 co-injection
into a deep saline carbonate formation.
6.2 Methodology
The objectives of the study were achieved by performing simulations of 1) CO2-NO2 coinjection, and 2) CO2-NO2-SO2 co-injection into a deep saline aquifer comprised of calcite
(CaCO3), dolomite (MgCa(CO3)2), and anhydrite (CaSO4). Simulations were performed using
TOUGHREACT 3.3 with the ECO2N module (Pruess & Spycher, 2007; Xu et al., 2014)
(https://tough.lbl.gov/software/toughreact). Two sets of simulations were conducted, one for
CO2-NO2 and one for CO2-NO2-SO2 co-injections. Model outputs from the different simulations
were compared to determine how NO2, and NO2-SO2 co-injections affect the geochemistry,
mineralogy and solubility trapping of the formation.
6.2.1 Geology and Domain Discretization of the Simulated Domain
The simulated aquifer used in this study was presumed to be located at a depth of
approximately 2750 m below ground surface, and the temperature and pressure of the formation
were chosen accordingly (75 °C and 386 bar, respectively). The thickness of the injection zone
was 69.5 m, and comprised of 11 distinct layers. Geology of the simulated domain is same as
described in section 5.2.1 of chapter 5. Porosity, permeability, thickness, and mineral
composition of each layer is same as tabulated in table 5.2. Also, the domain has been discretized
as mentioned in section 5.3 of chapter 5.
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6.2.2 Chemistry and Composition of Impurities
For both the cases CO2-NO2 and CO2-SO2-NO2 co-injections, the brine in the deep saline
aquifer is in equilibrium with the rock minerals of the aquifer. Also, it is assumed that the initial
pH of the brine is 7.0. Based on these assumptions, the ions present in the brine are H+, OH–,
Ca2+, Mg2+, Na+, Cl–, SO42–, HCO3–, CO32–, NO2-, NO3-, and aqueous complexes of these major
ions. The initial brine composition is calculated using thermodynamic database of Wolery et al.
(2007) and given in table 6.1. By specifying the temperature (75 °C), pressure (386 bar), pH
(7.0), and salinity (5 % NaCl by weight) of the formation, TOUGHREACT/ECO2N is able to
estimate the initial aqueous composition of the brine that would be in equilibrium with the three
minerals (calcite, dolomite, and anhydrite). The initial brine composition in this chapter has two
new species NO2- and NO3- as compared to chapter 5. The addition of the new species is due to
disproportionation reaction as given in equation 6.2.
For the first case of CO2-NO2 co-injection four values of mole fraction 0.0, 0.15, 1.0, and
2.0 % (mole fraction) of NO2 were simulated (same as CO2-SO2 case in chapter 5). For case 2 i.e.
CO2-NO2-SO2 co-injection, the composition for four simulations in mole fraction of impurities
were 1) 0.0 % NO2 and 2.0 % SO2, 2) 0.5 % NO2 and 1.5 % SO2, 3) 1.0 % NO2 and 1.0 % SO2,
and 4) 1.5 % NO2 and 0.5 % SO2. In all four scenarios of case 2, the total amount of impurities
are kept constant at 2 % (mole). All the simulations in this chapter were performed using the
thermodynamic database of Wolery et al. (2007). The database is capable of modeling
disproportionation reactions involving NO2 and SO2.
6.2.3 Injection of the Gas Stream Consisting Impurities
For this study, I have simulated the injection of CO2-NO2 and CO2-NO2-SO2 at a constant
rate of 32 kg/s via a single injection well. The injection well is assumed to be partially screened
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across the bottom 6 layers of the formation. In all 8 simulations in this study, injection period
was 50 years followed by 50 years of no injection period (total 100 years of simulation).
6.2.4 Simulation Outputs and Metrics of Performance
At the end of the 100-year simulation, I have examined the following parameters at each
grid block in the discretized domain: (i) gas saturation, (ii) pH of brine, (iii) mass of supercritical
CO2 dissolved in the brine phase, (iv) mass of minerals that have either dissolved or precipitated,
and (v) changes in porosity (due to precipitation and dissolution of minerals). By comparing
these output metrics for each of the four simulations conducted for CO2-NO2 as well as CO2NO2-SO2 co-injection cases, we are able to quantitatively evaluate the impact of impurities on
geological CO2 sequestration in deep saline carbonate aquifers.
6.3 Results and Discussion
6.3.1 Gas Saturation
Figure 6.1 and 6.2 shows gas saturation predicted using TOUGHREACT 3.3 for CO2NO2 and CO2-NO2-SO2 respectively. The gas saturation profile in chapter 6 is similar to what
predicted in chapter 5 since all the simulations in chapter 5 and chapter 6 are ≥98 % CO2. The
plume migration of trace gases (NO2 alone in figure 6.1, and NO2+SO2 in figure 6.2) follows the
same pattern as explained in section 5.3.1.
6.3.2 Effect of NO2-SO2 Co-injection on pH
When CO2, NO2, and SO2 are co-injected into the formation brine and react with water,
they form carbonic acid, nitric acid, and sulfuric acid, respectively (Knauss et al., 2005; Wolery
et al., 2007; Xu et al., 2007; Todaka & Xu, 2017; Wolf et al., 2017; Spycher et al., 2019).
CO2 (g) + H2O   H+ + HCO3-

(6.1)

2 NO2 (g) + H2O   2 H+ + NO2- + NO3-

(6.2)

128

4 SO2 (g) + 4 H2O   7 H+ + 3 SO42- + HS-

(6.3)

pH of the brine for CO2-NO2 and CO2-NO2-SO2 are plotted in figures 6.3 and 6.4
respectively. The four panels in figure 6.3 represent the four cases of different amount of NO2
co-injected (0, 0.15, 1.0, and 2.0 % mole) after 100 years of simulation. Similarly the four panels
in figure 6.4 represents four compositions of NO2 and SO2 mixtures (0.0 % NO2 and 2.0 % SO2,
0.5 % NO2 and 1.5 % SO2, 1.0 % NO2 and 1.0 % SO2, and 1.5 % NO2 and 0.5 % SO2. At time =
0, the initial pH of the formation brine in all panels of both the plots were 7.0. In figure 6.3, first
panel represents pure CO2 injection followed by introduction of NO2 in increasing order of
concentrations in panel 2, 3, and 4 respectively. In case of pure CO2, the pH dropped to 4.8
where CO2 plume has reached out. The pH drop for the pure CO2 case is consistent with the
results obtained in the previous chapter (chapters 3, 4, and 5). However, the NO2 co-injection is
introduced in the second panel (0.15% mole). The deeper shade of blue which is visible beyond
the dry out zone expanding to nearly 100 meters from the injection well across all the layers near
the screened part indicates a pH drop up to 3.9. The further drop in pH (from 4.8 in case of pure
CO2) indicates the dissolution of NO2 in brine forming nitric acid and nitrous acid. In figure 6.3,
as the concentration of NO2 is increased to 1 mole % and 2 mole % in panel 3 and panel 4
respectively, the outreach of lower pH zone extended further radially as well as vertically. In
case of 1%, it reaches out to approximately 836 meters whereas for 2% it reaches out to
approximately 1123 meters. This also indicates the migration of NO2 plume, which was not
distinguishable from the CO2 plume in the gas saturation plot (figure 6.1).
In figure 6.4, concentration of gas mixtures totaling 2 mole % have been plotted in panel
1, 2, 3, and 4, whereas panel 1 represents 2% SO2. There is no significant differences in pH drop
among the four panels and pH dropped to nearly 4.1 in the trace gases outreach zones. However,
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pH drop in a few instances (grid blocks) of CO2-SO2-NO2 are reported to be 3.9. Previous studies
by Spycher et al. (2019) and Todaka and Xu (2017) have predicted the similar extent of pH drop
due to co-injection of SO2 and NO2. From equation 6.3, there may be expectation of higher drop
in pH in case of CO2-SO2-NO2 co-injection as compared to CO2-NO2. However, HSO4- is not as
strong acid as HNO2 and HNO3. Also, additional H+ may have reacted with HS- to form H2S.
6.3.3 Effect of Co-injection of Impurities (NO2 and SO2) on Changes in Mineralogy
Figure 6.5 represents the changes in calcite, dolomite and anhydrite due to CO2-NO2 coinjection. With increase in concentration of NO2, dissolution of calcite increases almost linearly.
At 2% NO2, the total mass of dissolved calcite is ~2.5 times more than that of pure CO2 (figure
6.5). Similarly, dissolution of dolomite increases with increase in NO2 concentration, but the rate
of increase in dissolution of dolomite is slightly lower than that of calcite. In case of dolomite,
the total dissolution for 2% NO2 is ~2 times of pure CO2 case. While evaluating the precipitation
of anhydrite, the results in figure 6.5 suggests that introduction of NO2 (0.15%) changes the
amount of precipitated anhydrite sharply (no NO2 to 0.15% NO2). However, additional NO2 in
subsequent simulations doesn’t seem to increase the precipitation of anhydrite with the same rate
as due to the addition of 0.15% NO2. This should be noted that even though NO2 is able to
acidify the brine to the same extent as SO2, it forms nitric and nitrous acid after dissolution in
water. Hence, there is no additional sulfate (SO42-) formation in the NO2 case unlike SO2 coinjection case. Therefore, once anhydrite precipitates due to higher drop in pH, sulfate is not
being formed to drive the precipitation of anhydrite further. Spatial distribution of changes in
calcite, dolomite, and anhydrite due to CO2-NO2 co-injection are plotted in figure 6.7, 6.9, and
6.11 respectively.
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Figure 6.6 presents the changes in calcite, dolomite, and anhydrite due to the co-injection
of the gas mixtures (NO2 and SO2). The total concentration of the trace gases for all four
simulations is 2% (mole). From figure 6.6, the dissolution of calcite increases when
concentration of SO2 in the trace gas composition increases linearly with exception of 2% SO2
where no NO2 is added. This is interesting finding which concludes that co-injection of CO2SO2-NO2 leads to higher dissolution of calcite than CO2-SO2 or CO2-NO2 co-injection. It also
concludes that increasing the concentration of SO2 (keeping the total concentration of the trace
gases constant) in the injection stream causes more dissolution of calcite. Dissolution of dolomite
remains nearly constant when SO2-NO2 are co-injected. However, the dissolution of dolomite
increases in case of 2% SO2 co-injection when NO2 is not included. Precipitation of anhydrite
increases linearly with increase in SO2 concentration in the trace gas composition. It should be
noted that all four simulations in figure 6.6 have SO2 in the compositions which is the driving
force for the anhydrite precipitation. Spatial distribution of changes in calcite, dolomite, and
anhydrite due to CO2-SO2-NO2 co-injection are plotted in figure 6.8, 6.10, and 6.12 respectively.
Dissolution of calcite and dolomite, and precipitation of anhydrite have been reported by Todaka
and Xu (2017)Wolf et al. (2017), and Spycher et al. (2019). However, Todaka and Xu (2017)
haven’t reported a significant difference in magnitude of dissolution due co-injection of the
impurities.
6.3.4 Effect of Co-injection of Impurities (NO2 and SO2) on Changes in Porosity
Figure 6.13 shows weighted average changes in porosity due CO2-NO2 co-injection
across the repository, which is calculated using equation 5.8 of chapter 5. Due to CO2-NO2 coinjection, there is a net porosity gain in the formation. For 2% NO2 case, the magnitude of
porosity increase in the formation is nearly three times of pure CO2 case.
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Figure 6.15 presents the spatial distribution of changes in porosity of the formation due to
CO2-NO2 co-injection. Dissolution of carbonate minerals and precipitation of anhydrites induce
net changes in porosity. Dissolution of calcite and dolomite increases the porosity whereas
precipitation of anhydrite causes a decrease in porosity. Panel 1 of the figure represents pure CO2
injection case and reports a net gain of porosity in order of 1×10-4. Panel 2, 3, and 4 presents
changes in porosity with increase in NO2 concentration (0.15, 1, and 2 mole %) in injected gas
stream. Introduction of NO2 causes higher magnitude of porosity gain (order of 5×10-3) in NO2
outreach zones.
Figure 6.14 reports changes in porosity due to co-injection of the gas mixtures (SO2 and
NO2). Magnitude of net changes (increase) in porosity increases significantly with increase in
NO2 concentration in the injected gas stream. For 2% SO2 case, even though porosity in trace gas
outreach zones decreases, figure 14 shows net gain in the porosity. This is due to the gain in
porosity in CO2 zones everywhere else, as explained earlier in chapter 5. Spatial distribution of
changes in porosity due to co-injection of the gas mixtures (SO2 and NO2) is plotted in figure
6.16.
Spycher et al. (2019) have reported a porosity loss due to inclusion of SO2, NO2, and O2
in the injected gas stream whereas Wolf et al. (2017) have reported a gain of porosity in the
plume outreach zones of impurities. It should be noted that changes in porosity greatly depends
on mineralogy of the formation.
6.3.5 Effect of Co-injection of Impurities (NO2 and SO2) on Solubility Trapping of CO2
Concentration of CO2 (aq) for both the cases CO2-NO2 and CO2-NO2-SO2 co-injections
remain constant and show same results as reported in chapter 5. It was expected as the total
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concentration of impurities never exceed 2 molar %, which is negligible compared to CO2 mole
fraction (98 %) in injected gas streams.
6.4 Conclusions
Both the impurities NO2 and SO2 are highly soluble in the native brine causing higher
acidification of the brine (as compared to CO2 injection only) due to formation of strong mineral
acids like nitrous acid, nitric acid and sulfuric acid. The extent of pH drop is identical
irrespective of composition of impurities in the injected gas stream. The significant differences
between NO2 and NO2-SO2 co-injections can be summarized in terms of magnitude of
dissolution of the carbonate minerals and precipitation of anhydrite which is driven by
concentration of SO42- induced by amount of SO2 co-injected in the stream. With decrease in the
concentration of SO2 in the injected gas, magnitude of calcite dissolution (kg/m3 of medium)
decreases along with a decrease in anhydrite precipitation. The net changes in porosity (gain) in
impurity gases outreach zone shows an increase in porosity with increase in the concentrations of
NO2 in the injected gas stream. This is significant as changes in porosity near the injection well
have several ramifications including mechanical failures (leakage) in the rock due to gain in
porosity and choking of injection wells due to loss of porosity. From leakage perspective, higher
concentration of SO2 and lower concentration of NO2 is favored to maintain the mechanical
integrity of the rocks. However, for long term sustainable injection of CO2 and impurities, there
should be a good balancing between SO2 and NO2 concentrations as higher SO2 concentration
may clog the injection well due to higher precipitation of anhydrite. The compositions in the case
doesn’t alter the porosity significantly (~1%) in the simulated storage conditions of the study and
hence all the compositions of impurity mixtures in this case can be considered very much
feasible.
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Table 6.1 Initial brine composition (before injection) in case of CO2-SO2-NO2 co-injection for reservoir parameters given in table
5.11. The initial composition is calculated using thermodynamic database by Wolery et al. (2007).

Primary aqueous

Concentration (in

Activity

species

mol/kg of water)

coefficient

H+

4.11561×10-5

6.47668×10-1

Ca2+

3.54985×10-2

1.36128×10-1

Mg2+

1.48193×10-3

1.38717×10-1

Na+

8.55569×10-1

6.44072×10-1

HCO3-

7.18829×10-4

6.47200×10-1

SO4-

3.66414×10-2

1.43256×10-1

Cl-

8.55569×10-1

6.50983×10-1

NO2-

8.55569×10-41

6.51388×10-1

NO3-

2.39990×10-39

6.48711×10-1

O2 (aq)

3.36124×10-39

1.00000
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Figure 6.1 Effect of NO2 co-injection on gas saturation after 50 years of CO2-NO2 co-injection followed by 50 years of no injection
(100 years of simulation). Injection well is located at radius r = 0. Near the injection well, gas saturation is close 1, indicating a “dry
out” zone.
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Figure 6.2 Effect of SO2-NO2 co-injection on gas saturation after 50 years of CO2-NO2 co-injection followed by 50 years of no
injection (100 years of simulation). Injection well is located at radius r = 0. Near the injection well, gas saturation is close 1, indicating
a “dry out” zone.
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Figure 6.3 Effect of NO2 co-injection on pH after 50 years of CO2-NO2 co-injection followed by 50 years of no injection. Injection
well is located at radius r = 0. The dark blue zone (pH close to 4) is easily distinguishable, indicating outreach of NO2 plume in all
three cases. Thin dark blue near the injection well in “No NO2” case is because of dry out.
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Figure 6.4 Effect of SO2-NO2 co-injection on pH after 50 years of CO2-NO2-SO2 co-injection followed by 50 years of no injection.
Injection well is located at radius r = 0. The dark blue zone (pH close to 4) is easily distinguishable, indicating outreach of NO2-SO2
plume in all three cases. Thin dark blue near the injection well in “No SO2/NO2 case is because of dry out.
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Figure 6.5 Total dissolved mass of calcite, dolomite, and total precipitated mass of anhydrite is plotted versus mole fraction of NO2
co-injected with CO2.
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Figure 6.6 Total dissolved mass of calcite, dolomite, and total precipitated mass of anhydrite is plotted versus composition (mole %)
of SO2 and NO2 co-injected with CO2.
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Figure 6.7 Effect of NO2 co-injection on dissolution of calcite after 50 years of co-injection followed by no injection for another 50
years. Injection well is located at radius r = 0. Changes in calcite is in kg/m3 of medium. The scale (colorbar) in case of pure CO2 is
nearly 12 times lower, when comparing the dissolution of calcite with NO2 case (rest of the plots).
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Figure 6.8 Effect of SO2-NO2 co-injection on dissolution of calcite after 50 years of co-injection followed by no injection for another
50 years. Injection well is located at radius r = 0. Changes in calcite is in kg/m3 of medium.
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Figure 6.9 Effect of NO2 co-injection on dissolution of dolomite after 50 years of co-injection followed by no injection for another 50
years. Injection well is located at radius r = 0. Changes in dolomite is in kg/m3 of medium.
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Figure 6.10 Effect of SO2-NO2 co-injection on dissolution of dolomite after 50 years of co-injection followed by no injection for
another 50 years. Injection well is located at radius r = 0. Changes in dolomite is in kg/m3 of medium.
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Figure 6.11 Effect of NO2 co-injection on precipitation of anhydrite after 50 years of co-injection followed by no injection for another
50 years. Injection well is located at radius r = 0. Changes in anhydrite is in kg/m3 of medium.
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Figure 6.12 Effect of SO2-NO2 co-injection on precipitation of anhydrite after 50 years of co-injection followed by no injection for
another 50 years. Injection well is located at radius r = 0. Changes in anhydrite is in kg/m3 of medium.
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Figure 6.13 Weighted average changes in porosity of all ten cases is plotted versus mole fraction of NO2 co-injected with CO2.
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Figure 6.14 Weighted average changes in porosity of all ten cases is plotted versus mole fraction of SO2 and NO2 co-injected with
CO2.
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Figure 6.15 Effect of NO2 co-injection on changes in porosity after 50 years of CO2-NO2 co-injection followed by 50 years of no
injection. Injection well is located at radius r = 0. The changes in porosity for pure CO2 is less (plot in the first quadrant) as compare to
the CO2-NO2 co-injection cases (rest of the three plots).
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Figure 6.16 Effect of SO2-NO2 co-injection on changes in porosity after 50 years of CO2-SO2-NO2 co-injection followed by 50 years
of no injection. Injection well is located at radius r = 0.
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Chapter 7: Conclusions and Recommendations
7.1 Evaluation of TOUGHREACT 3.3 for Simulating CO2 Sequestration in High Saline
Carbonate Formations
In second chapter, a new tool for modeling CO2 plume movement and associated rockwater-CO2 geochemical interactions in carbonate reservoirs (T2CPI) was developed which
includes the beneficial features of both the TOUGH family of codes and GWB. Simulations
conducted using TOUGHREACT and T2CPI applied to a reservoir interval within the Dollar
Bay Formation largely produced the similar results. Dissimilarities between the two programs
included qualitative differences in how TOUGHREACT and T2CPI predicted calcite dissolution,
and the subsequent spatial pattern of the porosity gain.
Both T2CPI and TOUGHREACT are strong tools for evaluating CO2-brine-rock
interaction following supercritical CO2 injection activities. However, TOUGHREACT offers
better handling of dry out and subsequent geochemistry in dry out zones. Another big advantage
of using TOUGHREACT is faster computation as compared to T2CPI, making a preferred tool
over T2CPI for all the future simulations.
7.2 Effect of Brine Salinity on Geological Carbon Storage
As brine salinity increases, the solubility of CO2 in the aqueous phase decreases. This
leads to a higher fraction of the injected CO2 remaining in the gas phase. Simultaneously, as
brine salinity increases, the density difference between the brine and the injected CO2 increases.
The combination of the decreased solubility and the increased buoyancy means that storage
efficiency decreases as salinity increases.
154

Surprisingly, despite the strong effect of brine salinity on CO2 solubility and dissolution,
the effect of brine salinity on geochemistry was weak. Changes in pH and porosity due to salinity
were negligible. Hence, differences in salinity among formations should not be considered to
impact the permeability of structural integrity of a formation.
Thus, overall, low-salinity formations offer greater storage efficiency and greater
potential for solubility trapping of injected CO2 than offered by high-salinity formations, without
exhibiting any significant differences in brine acidification, mineral dissolution/precipitation, or
porosity change.
7.3 Effect of Temperature on Geological Carbon Storage
Based on the results in chapter 4, it can be concluded that temperature plays an important
role in determining CO2 storage sites. The storage efficiency decreases with increase in
temperature of the formation. At higher temperature, CO2 plume shows more migration towards
top of the layer due to decreased density of the plume. Higher accumulation of CO2 plume near
top layer may increase the chances of leakage or mechanical fracture in the top layer. However,
one advantage at higher formation temperature is in terms of solubility trapping of CO2, which
increases with increase in temperature. Hence, there is a tradeoff between higher solubility
trapping and better storage efficiency and should be decided on case to case basis.
Changes in pH and porosity don’t differ significantly (concentration of CO2 (aq) doesn’t
change strongly), suggesting a stable structural integrity in all cases of formation temperature.
Based on the study, we don’t rule out the possibility of sequestering CO2 at high temperature
formations if the formations (especially caprocks) are properly evaluated for mechanical stress
for a planned injection rate and injection period.
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7.4 Effect of SO2 Co-injection on Geological Carbon Storage
SO2 forms sulfuric acid when dissolved in brine which leads to more acidification (pH
dropped to ~4.1) of formation brine where SO2 reached out. Due to dissolution of SO2,
precipitation of anhydrite, and dissolution of calcite and dolomite increased significantly. These
changes in mineralogy resulted into net decrease in porosity in the SO2 outreach zones but an
increase in porosity where CO2 extends beyond SO2. With increase in SO2 mole%, precipitation
of anhydrite was higher as compared to dissolution of calcite and dolomite, causing further
decrease in porosity near the vicinity of injection well where SO2 plume reached out. The
magnitude of the porosity change were less than 5% for all the cases, suggesting a good viability
of SO2 co-injection without affecting the integrity of the repository. However, with decrease in
porosity near the injection well, it is necessary to evaluate the injection conditions (such as
injection rate and injection period)
This is the first study to model the changes in mineralogy and porosity with variations in
SO2 concentration in injected stream, which can be useful to optimize the concentration of SO2 to
be co-injected along with CO2 for better mobility of the injected gas stream in order to maximize
the storage of the formation.
Also, the study has been tested for sensitivities among 10 cases (variations in porosity,
permeability, and thickness of the layers) towards the geochemical changes. For limestonedolomitic formation and reservoir conditions pertaining to geological carbon storage, the
geochemical models reported by the study showed good consistency (standard deviation within
5% of the mean).
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7.5 Effect of NO2 and SO2-NO2 Co-injection on Geological Carbon Storage
Both the impurities NO2 and SO2 are highly soluble in the native brine which leads to
higher acidification. The extent of pH drop (~4.1 from 7.0 initially) is identical for SO2-NO2 coinjection and doesn’t depend on the composition of SO2-NO2 mixture irrespective of
composition of impurities in the injected gas stream. The significant differences between NO2
and NO2-SO2 co-injections can be summarized in terms of dissolution of calcite and precipitation
of anhydrite. With decrease in the concentration of SO2 in the injected gas, magnitude of calcite
dissolution (kg/m3 of medium) decreases along with a decrease in anhydrite precipitation. The
net changes in porosity (gain) in impurity gases outreach zone shows an increase in porosity as
NO2 mole% increases in the trace gas mixture. This is significant as changes in porosity near the
injection well have several ramifications including mechanical failures (leakage) in the rock due
to gain in porosity and choking of injection wells due to loss of porosity. From leakage
perspective, higher concentration of SO2 and lower concentration of NO2 is favored to maintain
the mechanical integrity of the rocks. The compositions in the case doesn’t alter the porosity
significantly (~1%) in the simulated storage conditions of the study and hence all the
compositions of impurity mixtures in this case can be considered very much feasible.
7.6 Overall Recommendations
Reservoir conditions such as salinity and temperature of a formation plays a significant
role in geological carbon storage. Based on the results, all the cases of salinity and temperature
conditions mentioned in this study can be safely considered for CO2 injection without
compromising with the mechanical integrity of the repositories.
For co-injecting the trace gases SO2 and NO2, the changes in porosity and subsequently
permeability in the trace gas outreach zones are significantly higher than pure CO2. However, the
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magnitude of the porosity change has not exceeded more than 5% of the original value.
Considering the outcome, co-injecting SO2 and NO2 can be considered with precautions such as
evaluating the mechanical integrity with the predicted changes in porosity and permeability.
Also, appropriate monitoring are recommended for such cases.
The main challenge for dedicated CO2 storage in saline formation attributes to cost of
CO2 capture from the point sources. Co-injecting SO2-NO2 can increase the economic feasibility
of geological carbon storage by means of saving the purification cost of flue gas stream.
Additionally, newly introduced tax credit programs (such as federal 45Q, 48A and Low Carbon
Fuel in California) when combined with co-injection of trace gases may break the threshold and
make the dedicated storage profitable.
7.7 Future Work
Although the present research covers a lot of grounds for geological carbon sequestration,
I have couple of recommendations for the future work. The present work is carried out for three
minerals calcite, dolomite, and anhydrite. However, in deep saline formations, there may be
some other minerals such as quartz, kaolinite, barite etc. My first recommendation would be to
consider including the additional minerals for future simulations. Secondly, co-injection of SO2
and NO2 involve disproportionation reaction. The present work have considered equilibrium
conditions for the disproportionation reactions, which is a fair assumption when simulation time
is long enough (like 100 years in the present work). However, considering the kinetic rate law for
disproportionation reaction will be more accurate especially for lower injection/simulation
period. Lastly, the study can be further extended to CO2 storage in depleted oil & gas fields.
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